BEFORE THE ENVIRONMENTAL QUALITY COUNCIL

STATE OF WYOMING
IN THE MATTER OF: )
BASIN ELECTRICAL POWER COOPERATIVE )
DRY FORK STATION, ) Docket No. 07-2801
)

AIR PERMIT CT-4631

RESPONDENT DEPARTMENT OF ENVIRONMENTAL QUALITY’S
MEMORANDUM IN SUPPORT OF MOTION FOR PARTIAL SUMMARY
JUDGMENT

Schlichtemeir Affidavit

EXHIBIT F



CH2M HILL ]
9193 South Jamaica Street

@ c H 2M H l LL ) Englewocd, CO 80112-5946
o T . Tel 720.286.5919
- ' Fax 720.286.9719

March 3, 2006

Mr. Ken Rairigh

Air Quality Specialist . i~ R ;%%‘{}i}f ];% D
Wyoming Department of Environmental Quality DiVISION

Air Quality Division ' &y

Herschler Building, 4-W -

122 West 25t Street

Cheyenne, WY 82002

Subject: Basin Electric Power Cooperative S .
Dry Fork Station PSD Air Construction Permit Application No. AP-3546
Response to 12/21/05 DEQ Completeness Review Letter
Electronic Modeling Files

Dear Ken,

Basin Electric is planning on sending the response to.the referenced completeness letter to
DEQ on Friday March 3,2005. Basin Electric asked that we send you the revised modeling
files and other data that was requested in an electronic format. Ihave enclosed a data CD
and a list of the files.

If you have any questions about this information, please let Josh Nall or myself know.

Sincerely, |

e

Joseph J. Hammond, P.E. *
Project Manager ‘ :

Eniclosure

cc: Jerry Menge, Basin Electric Power Cooperative
Josh Nall, CH2M HILL
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Mr. Ken Rairigh
Page 2
March 3, 2006

List of Files on CD:

File Name

Description

\DEM

MODEL.DEM

Digital Elevation Model (DEM) data used for ISCST3
modeling

\PlotPlans

Fig7-4_Sources.MXD

ArcMap9.1 base file for Figure 7-4

Fig7-5-plot_plan_fenceline.MXD

ArcMap8.1 base file for Figure 7-5

\PlotPlans\GeoData

Background ArcMap files for Figures 7-4 and 75

\Isopleth

SO2 24hINC.EMF

"Isopleth plot of 24-hour increment consumption for SO,

(Windows Picture - Enhanced [emf] format)

SO2_24hINC.SRF

Isopleth plot of 24-hour increment consumptlon SOZ
(Surfer [srf] format)

\CalcSpreadsheets

B-1_BEPC_Dry_Fork_Emission
Calculations_for WDEQ_11-07-05.XLS

Excel.workbook containing emissions lnventory for Dry
Fork Station Project

Attachment_7_Auxiliary_Equipment_Emis
sions_Workbook 03-02-2006. XLS

Excel workbook containing revnsed emissions
calculation sheets for auxiliary equlpment for Dry Fork

Station Project

\ISC

DF_S0O2_CUM_lIner_| PRZ DTA (.LST,
.GRF) -

ISC-Prime input (.DTA), output (.LST), and graphics -
(.GREF) files for revised SO2 increment run

DF_PM10_fullgrid_PR_95. DTA (LST,
.GRF)

ISC-Prime input (.DTA), output (.LST), and graphics
(- GRF) files for revised preliminary anaIySIS for PM-10
(1995 met data from E. Butte)

| DF_PM10_fullgrid_PR_96.DTA (.LST,

GRF)

[SC-Prime input (.DTA), output (.LST), and graphlcs
(.GRF) files for revised preliminary anaIySIS for PM-10
(1996 met data from E. Butte)

DF_PM10_fullgrid_PR_97.DTA (LST,
.GRF)

ISC-Prime input (.DTA), output (.LST), and graphics
(.GRF) files for revised preliminary ana]ySIS for PM-10
(1997 met data from E. Butte)

DF_PM10_fullgrid_PR_98.DTA (.LST,

.GRF)

ISC-Prime-input (.DTA), output (.L.ST), and graphics
(.GRF) files for revised preliminary analysis for PM 10 -
(1998 met data from E. Butte) '

DF_PM10_fullgrid_PR_99.DTA (.LST,

ISC-Prime input (.DTA), output (.LST), and graphics
(.GREF) files for revised preliminary analysis for PM-10.

.GRF) (1999 met data from E. Butte)
EB95.ASC Eagle Butte met data (1995)
EB96.ASC Eagle Butte met data (1996)
EB97.ASC Eagle Butte met data (1997)
~|-EB98-ASC Eagle-Butte-met-data-(1998)
EB9S.ASC Eagle Butte met data (1999)
EB_00.ASC Eagle Butte met data (2000)
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{ > ' Basin Electric Power Cooperative

o Dry Fork Unit 1 PSD Permit Application

Response to Wyoming Department of Environmental Quality, Air Quality Division
Permit Application No. AP-3546 Completeness Review Dated December 21, 2005

Provided below is a detailed response to questions included in the Wyoming Department of _
Environmental Quality’s (WDEQ) Completeness Review dated December 21, 2005. WDEQ comments
are provided below in italics.

WDEQ Comment 1: SO, BACT for PC Boiler Basin Electric proposed a dry lime scrubber with
emission limits of 0.1 Ib/MMBtu (3-hour and 30-day averages) as BACT for SO,. Basin Electric
also considered a wet scrubber and an emission limit of 0.09 Ib/MMBtu and determined that the
average cost effectiveness was reasonable at $1,450/ton but excluded this option based on an
incremental cost of $13,157/ton.

An analysis of the technical feasibility and cost effectiveness is required for wet scrubbers at
0.07 and 0.08 Ib/MMBtu, 30-day average, and for dry scrubbers at 0.07, 0.08, and 0.09
Ib/MMBtu, 30-day average. This analysis needs to include an explanation of expected
variability and how it affects a 3-hour versus 30-day average limit.

Response: A detailed analysis is included in Attachment 1. Based on information available from

- FGD vendors, emission rates achieved in practice by existing sources, economic impacts, and

/ ) engineering judgment, BEPC is proposing dry scrubbing (SDA or CDS) with a controlled SO,

L emission rate of 0.10 Ib/mmBtu (30-day roliing average) as BACT for Dry Fork Unit 1. An SO,
emission limit of 0.10 Ib/mmBtu (30-day rolling average) appears to be both technically and
economically feasible, and will require the unit to achieve a control efficiency greater than 92%
(based on the worst-case design coal), which is very close to the design limits of the equipment. To
ensure compliance, the dry scrubbing system proposed by BEPC will have to be designed to achieve
a target emission rate below 0.10 1b/mmBtu under all normal operating conditions. To account for
short-term variability in the controlled SO, emission rate, BEPC is proposing an average 3-hour SO,
emission rate of 380.1 Ib/hr (versus the proposed 0.10 Ib/mmBtu 3-hour limit in the permit
application). This emission limit is based on a maximum heat input to the boiler of 3,801
mmBtu/hour and a controlled SO, emission rate of 0.10 Ib/mmBtu, and is equivalent to the short-
term SO, emission rate used in impact modeling. Establishing a mass-based short-term emission
limit will allow BEPC to respond to short-term excursions associated with fuel sulfur content, boiler
load changes, and routine equipment maintenance and repairs. The proposed BACT emission limits
(0.10 Ib/mmBtu 30-day average and 380.1 Ib/hr 3-hour average) will ensure that the Dry Fork Unit 1
dry scrubbing system will be operated in such a way as to continuously achieve a high control
efficiency, while providing a reasonable margin to allow the system to respond to routine operating
and process changes. The proposed emission rates will require state-of-the-art SO, control and are.
consistent with other recently permitted PC units.

WDEQ Comment 2: NO, BACT for PC Boiler Basin Electric proposed low NO; burners, overfire air,
and SCR with an emission limit of 0.07 Ib/MMBtu, 30-day average as BACI. An analysis of the
technical feasibility and cost effectiveness is required for emission levels of 0.05 and 0.06

| / Ib/MMBtu, 30-day average.

DEQ/AGH d00695
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Basin Electric Power Cooperativ‘éi'
Dry Fork Unit 1 Permit Application
Response to WDEQ Comments 03/07/06

Response: A detailed analysis is included in Attachment 2. Based on technical feasibility, physical
limitations of the control system, emissions achieved in practice at existing sources, and economic
impacts, BEPC is proposing an emission rate of 0.07 Ib/mmBtu (30-day average) as BACT for NO,
control. Reducing the permitted NO, emission rate below 0.07 Ib/mmBtu would eliminate almost all
margin between the design target of the control system and the permit limit. Furthermore, the '
incremental cost effectiveness associated with reducing NO, emissions from 0.07 to 0.06 lb/mmBtu is
calculated to be $7,210/ton, which is more then three times the average cost effectiveness of NO, control
at Dry Fork Unit 1.

WDEQ Comment 3: P,y BACT for PC Boiler Basin Electric proposed fabric filters with an emission
limit of 0.012 Ib/MMBtu, 3-hour average. An analysis of the technical feasibility and cost
effectiveness is required for emission levels of 0.009, 0.01, and 0.011 Ib/MMBtu, 3-hour average.

Response: A detailed analysis is included in Attachment 3. All recently permitted PC boilers have been
permitted with fabric filters as BACT for PM;, control. The lowest filterable PM;, emission rate
designated as BACT is 0.012 1b/mmBtu at Comanche Unit 3 (Colorado) and Wygen Unit 2 (Wyoming).
Neither unit has commenced operation or demonstrated the ability to achieve the proposed BACT
emission limit on an on-going long-term basis. Several other facilities, including Roundup Units 1 and 2
(Montana) and Intermountain Unit 3 (Utah), have been permitted with a filterable PM;, emission rate of
0.015 Ib/mmBtu. Because BPEC is proposing a control technology that results in the most stringent
conirolled emission rate, the use of fabric filters and a controlled PM;, emission rate of 0.012 Ib/mmBtu
should be considered BACT for the proposed boiler.

WDEQ Comment 4: BACT for 134 MMBtw/hr Auxiliary Boiler Basin Electric estimated emissions of
0.05 Ib/MMBtu NO, and 0.11 Ib/MMBtu CO and proposed an hours limit of 2000 hours per year
but did not address BACT. A top down BACT analysis required for NO,, CO, 8O,, PMy; and
VOC including an evaluation of a 0.03 Ib/MMBtu NO, emission level.

Response: A top down BACT analysis for the Auxiliary Boiler has been completed for NO,, CO, SO,,
PMq, and VOC and is included as Attachment 4. The analysis included an evaluation of control systems
capable of achieving controlled NO, emission rates below 0.054 1b/MMBtu, including flue gas
recirculation (FGR) and selective catalytic reduction (SCR). A cost analysis of Low NO, burners, FGR
and SCR is shown in Attachment 5. A summary of RBLC database information is shown in Attachment
6. Revised emission workbook calculations for the auxiliary equipment are shown in Attachment 7.
Based on a review of BACT controls required for auxiliary boilers, and a review of economic impacts,
BEPC is proposing combustion controls, including low NO, burners plus FGR as BACT for NO, and CO
control. BEPC is proposing a NO, emission rate of 0.04 Ib/mmBtu and a CO emission rate of 0.08
Ib/mmBtu for the auxiliary boiler. Compliance with the proposed BACT emission limits will be
demonstrated based on annual stack tests conducted on the auxiliary boiler using approved U.S. EPA test
methods.

WDEQ Comment 5: BACT for 8.36 MMBtu/hr Inlet Gas Heater Basin Electric estimated emissions of

0.1 16/MMBtu NO; and 0.08 1b/MNMBria CO anid proposed am hours lLimiitof 2000 hours peryear ———

but did not address BACT. A top down BACT analysis required for NO,, CO, SO, PM,, and
VOC including an evaluation of Low NO, burners.
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Dry Fork Unit 1 Permit Application

Response to WDEQ Comments 03/07/06

Response: A top down BACT analysis for the Inlet Gas Heater has been completed for NO,, CO, SO,

“PMy;, and VOC and is included as Attachment 4. The analysis includes an evaluation of low-NO,

burners. A summary of RBLC database information is shown in Attachment 8. Revised emission
workbook calculations for the auxiliary equipment are shown in Attachment 7. BEPC is proposing a
NO, emission rate of 0.10 Ib/mmBtu and a CO emission rate of 0.08 Ib/mmBtu for the inlet gas heater.

WDEQ Comment 6: Diesel Engines Basin Electric estimated emissions of 14.1 g/hp-hr NO, and 3.0
g/hp-hr CO jfor the 360 hp Fire Pump. Basin Electric estimated emissions of 10.9 g/hp-hr NO,
and 2.5 g/hp-hr CO for the 2377 hp Emergency Generator. The Division currently considers
EPA Tier 2 to represent BACT and needs confirmation that these engines will meet Tier 2 levels:

Response: WDEQ indicated that EPA Tier II non-road emission rates are currently considered by the
Division as BACT for diesel-fired engines. The federal regulation (40 CFR Parts 60 and 89) proposes a
mandate that by 2007 and later, depending on the engine category, owners and operators of stationary
diesel engines are responsible for emission compliance and must buy emission certified engines. Based
on the Tier phase-in schedule and the anticipated date of construction for the emergency fire pump and
emergency generator, these units must be certified to Tier II standards, with Tier II standards becoming
effective around 2008-2011. The emergency fire pump engine and the emergency generator must be
certified to standards that are generally based on non-road Tier II standards provided in the appropriate
engine power category. The emission estimates (see Attachment 7) for the 360 hp emergency fire pump
and 2,377 hp emergency generator were revised to be based on EPA Tier Il non-road emission rates for
NO (4.8 g/hp-hr) and CO (2.6 g/hp-hr).

WDEQ Comment 7: Emergency Coal Truck Unloading Hopper A detailed description of this emissions
unit, predicted hours of usage, and an analysis of the feasibility of control measures such as a
stzllmg shed, water sprays, and choke loading is required. Also, it is the Division’s
understanding that this unit is subject to NSPS Subpart Y because the 200 ton per day threshold
in Subpart Y refers to the coal preparation plant rather than an individual affected facility.

Response:
Description of Emission Unit

The emergency truck hopper is designed for coal that would be delivered via truck into a below ground
truck hopper. The coal from the truck hopper would then be conveyed to transfer house 2, at a rate of
900 tons per hour (tph) on a 42-inch-wide conveyor. From transfer house 2, the coal would then be
conveyed to the three coal silos. From the coal silos, the coal would be transferred via enclosed
conveyor to the coal crusher house.

The emergency truck hopper has been included in the facility design and would only be used in cases
where the normal delivery system could not be utilized. This would include potential events such as
major failures or downtime with the overland conveyor or issues with the Dry Fork Mine such as

equipment failures, fire or laborstrikePredicted hoursof thisemergency-operation-havenot-been
provided. It is not practical to anticipate the usage of the truck hopper for the emergency situations
described. Basin Electric proposes notification to WDEQ when emergency operation is necessary, and
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Dry Fork Unit 1 Permit Application
Response to WDEQ Comments _ 03/07/06

that hours of usage will be tracked during these emergency situations and associated estimated emissions
will be reported using WDEQ fugitive dust emission factors for coal truck dumping.

Feasibility of control measures

It is Basin Electric’s intent that the proposed emergency truck hopper will be designed to control fugitive
particulate emissions from the unloading of trucks by dust suppression methods so that emissions from
such sources are minimized. Potential methods for minimizing fugitive dust emissions from the truck
hopper include the following:

e Use of a partial or total enclosed building;
® Use of dry fogging or water sprays;

e Choke loading (method of transferring coal which precludes a free fall velocity of coal from a
discharge spout into the receiving container);

e  Use of bottom dump (belly dump) haul trucks.

Generally, the use of partial or total enclosure of the unloading area with a dust collection system is the
most effective control option. The next most effective option would be the use of bottom dump trucks in
combination with water sprays or dry fogging to minimize emissions. It is believed that choke loading
would not be a practical or efficient method relative fo coal unloading. The cost of a partial or totally
enclosed building is estimated to be $500,000 to $1,000,000. BEPC considers this to be cost prohibitive
based on the emergency nature of the unloading facility. BEPC proposes that the use of bottom dump
haul trucks and the use of portable water sprays or fogging systems be considered BACT for this

_application.

NSPS Subpart Y

The emergency coal truck hopper is subject to NSPS performance standards for coal preparation plants in
40 CFR Part 60 Subpart Y. The affected facilities located at the Dry Fork Plant that are subject to the
Subpart Y standards shall not discharge into the atmosphere, fugitive emissions which exhibit 20 percent
opacity or greater. Fugitive dust control systems planned for the emergency truck unloading hopper,
including portable water sprays and/or fogging systems, will be designed to meet the Subpart Y
performance standards.

WDEQ Comment 8: WAQOSR Chapter 6. Section 5 The Auxiliary Boiler is subject to 40 CFR 63
Subpart DDDDD and Diesel Emergency Generator is subject to 40 CFR 63 Subpart ZZZZ.
Therefore, the application requirements in Chapter 6, Section 5(a)(ii) are applicable.

All of the information in Chapter 6, Section 5(a)(iii)(4)(ID) is required for these units.
Specifically, items 5 (expected commencement date of construction), and 8 (units and averaging
times specified in the standard or percent reduction with justifying parameters).

Response:Section4-2.2 of the-permit application-describes-the applicability of the auxiliary boiler.to. 40

CFR Subpart DDDDD and the applicability of the emergency generator to 40 CFR Subpart ZZZZ. The
provisions of Chapter 6 in WAQS&R, establish permitting requirements for all sources constructing

pDEQ/ABE boosgs



—

D

AN

T . . . ’.;\\
Basin Electric Power Cooperative
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Response to WDEQ Comments _ 03/07/066

and/or operating in the State of Wyoming; apply to this facility. The information below was provided to
address the requirements of Chapter 6, Section 5(a)(ii) and Section 5(a)(iii) as requested by WDEQ.

»  Chapter 6, Section 5 (@)(iii)(A)(I)(5) — The expected commencement date of construction of the |
facility including the above mentioned sources is May 2007.

o Chapter 6, Section 5 (a)(iii)(4)(I1)(6) — The expected completion date of the construction for the
facility including the above mentioned sources is June 2010.

o Chapter 6, Section 5 (a)(iii)(4)(II)(7) — The anticipated date of startup of the facilify including
the above mentioned sources is June 2010 (commercial operation January 2011).

».  Chapter 6, Section 5 (a)(iii)(4)(I1)(8) — This section requires the owner or operator to provide an
estimate of the type and quantity of hazardous air pollutants expected to be emitted by the source
reported in units and averaging times specified in the relevant standard. The estimated emission
summary (criteria and HAP emission estimates) for the auxiliary boiler were provided in
Appendix B, Table B-1 of the original submittal and has been included in this submittal (see
Attachment 7). The Auxiliary boiler is considered a new large gaseous fuel boiler and is subject
to the emission limitations, work practice standards, performance testing, monitoring, startup
shutdown malfunction plan, and notification requirements of 40 CFR 60 Subpart DDDDD. 40
CFR Subpart DDDDD identifies the use CO as a surrogate to represent the variety of organic
compounds emitted from the various fuels burned in boilers and process heaters. Because CO isa
good indicator of incomplete combustion, there is a direct correlation between CO emissions and
the formation of organic HAP emissions. CO emissions from the unit are limited to 400 ppm by
volume dry basis @ 3% O, on a 30 day rolling average. The estimated emissions of CO are
expected to be in the range of 150 ppm which is lower than the Subpart DDDDD limit. A
performance test for CO emissions in accordance with Subpart DDDDD is required annually and
CO CEMS will be installed as the unit is larger than 100 mmBtu/hr heat input. Compliance with
the 30-day rolling average CO emissions standard will be demonstrated using the CO CEMS, as

" required by Subpart DDDDD. :

The diesel emergency generator located at the Dry Fork Station meets the definition of an
emergency stationary RICE as its purpose is to produce power when electrical power from the
local utility is interrupted therefore per 40 CFR 63.6590(b)(1)(i), the unit does not have to meet
the required emission or operating limitations but will be required to submit an initial notification
per 40 CFR 63.6645(d). In addition the estimate of the type and quantity of hazardous air
pollutants expected to be emitted by the source was provided in the estimated emission summary
for this unit in Appendix B, Table B-1 of the original submittal and has been included in this
submittal.

o Chapter 6, Section 5 (a)(iii)(4)(Il]) - Worst case estimates and preliminary information were
submitted in place of actual emissions data and analysis required by this subpart. BEPC intends
to submit actual, measured emissions data where required for the auxiliary boiler as soon as
available but no later than with the notification of compliance status required in Chapter 5,
Section 3.

WDEQ Comment 9: PSD Class Il Modeling Issyues CH2MHILL conducted the PM), modeling analysis
using a meteorological data set collected by Basin Electric at an anemometer height of 10

DEQ/AGHE doosog
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meters for the 2002 calendar year. For the Class Il modeling analyses, the Division will require
the use of the meteorological data collected at the Eagle Butte mine for conducting PMo
ambient air quality assessments in the Gillette area; the Basin Electric meteorological (100-
meter) data would be used to model all other criteria pollutants and HAPs from elevated
releases, such as the coal-fired boiler stack.

As a result, the Class Il annual PM,, significant impact analysis must be rerun the using the
Eagle Butte meteorological data set. If the results of the revised annual PM)y significant impact
analysis indicates the proposed praject will have a significant annual impact, the Eagle Butte
meteorological data would be used in any cumulative PM, modeling assessments. The Eagle
Butte meteorological data set is more representative because it better approximates the wind
flows at the proposed release heights of the sources that will most strongly influence the
maximum PM), impacts (material handling sources); the Eagle Butte meteorological data were
collected using an anemometer height of 10 meters.

The Division will not require Basin Electric to rerun the 24-hour PMy, significant impact
analyses, as the present Division policy does not endorse short-term (24-hour) modeling
exercises as a viable tool in predicting short-term ambient impacts _from fugitive dust particulate
emissions, as the recommended EPA dispersion models have not shown to work well when
evaluating short-term fugitive particulate emissions.

Six (6) PM,, sources were identified as horizontal releases; these sources are reported to have a
release temperature of 68°F. If these sources are non-buoyant horizontal releases, the
convention for modeling emissions from non-buoyant horizontal releases is to set the exit
velocity to 0.001 meters per second, set the exit diameter to one meter, and model the release
with a temperature of zero (0) Kelvin, Correcting the initial velocity and stack diameter
parameters reduces the momentum flux to near zero. Setting the exit temperature to zero (0)
causes the ISC model to use the hourly ambient temperature value in the meteorological data file
to represent the stack exit temperature, which eliminates buoyancy-induced dispersion from the
horizontal release.

CH2MHILL performed a Class II cumulative 24-hour SO, increment analysis for the Dry Fork
project. The analysis identified the Wyodak coal-fired boiler as the only baseline source of S0,
As a result, the emissions from this unit were not included in the 24-hour SO, increment analysis.
The Division’s records indicate that the Wyodak unit was not in operation and commercially
producing electrical power until after the Minor Source baseline date for SO, (February 2,
1978), even though the commencement of construction was reported prior to 1978. Current
allowable emissions from the Wyodak unit would therefore be included in the cumulative SO,
increment analysis. Additionally, the Neil Simpson Unit I boiler was in operation prior to
February 2, 1978, and therefore can-be removed from the SO; increment analysis.

Electronic copies of the 7.5 minute Digital Elevation Models (DEM), the facility plot plans,
concentration isopleth plots, and calculation spreadsheets were not provided in the permit
application, Please include these electronic data, along with hard copies of the isopleth plots for
all the applicable WAAQS and increment modeling analyses that were conducted for this project.

Table 7-5 summarizes the modeled impacts from the coal-fired boiler stack and compares the
ambient impacts to applicable standards. However, Wyoming’s Fluoride standards are
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Response to WDEQ Comments 03/07/06

incorrectiy listed in this table. The 12-hour, 24-hour, 7-day, and 30-day Fluoride standards are
3.0, 1.8, 0.5 and 0.4 ug1m3, respectively.

Response: In response to WDEQ’s request, CH2M HILL has conducted additional Class II modeling
analyses for the Dry Fork Station Project. The following describes the results of these additional
analyses, and provides additional information that WDEQ has requested.

The first of the Class I modeling issues was a request from WDEQ to repeat the annual preliminary
modeling analysis for PM;, using meteorological data from the Eagle Butte mine. WDEQ also suggested
that the six PM;, sources with horizontal releases should be modeled as non-buoyant point sources with
0.001 meter per second exit velocity, a one-meter stack diameter, and a release temperature of zero
Kelvin. CH2M HILL revised the annual preliminary model runs using the Eagle Butte meteorological
data and the revised characterization of the horizontal releases. The results of this analysis were below
the Class I modeling significance level, as shown in Table 1. All maximum modeled impacts occurred
at the facility fenceline in areas of 50-meter receptor spacing.

;gsBL—l'tEst Preliminary Analysis for Annual PMso (Eagle Butte Mine Meteorological Data)
Year of Maximum Project Predicted Impact -
Meteorology - ' ‘ ‘ (u.glm“)
1995 ‘ 0.81
1996 ' 0.87
1997 = 0.76
1998 - o . 076
1999 -0.80
2000 079
Class Il Modeling - 1.0

Significance Level

WDEQ also indicated that the 24-hour PSD increment model run for SO, should be revised. Aftera
review of their records, WDEQ determined that the Wyodak source was not a pre-baseline source and
therefore should be added to the analysis. On the other hand, WDEQ determined that Neil Simpson Unit
1 was a pre-baseline source and could be removed from the analysis. CH2M HILL made those two
changes, and the results remained below the allowable 24-hour PSD increment, as shown in Table 2. A
surfer plot for this revised analysis is provided as Figure 1, with a similar plot for the 24-hour NAAQS
analysis (also requested by WDEQ) provided as Figure 2.

TABLE 2
Revised 24-Hour SO increment Modeling
Averaging Period/ High 2“"-High Modeled Increment Impact Class Il PSD Increment
: Pollutant (ug/m®) {pafm)
/ 24-hour SO, 37.8 91
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Figure 1: 24-Hour SO2 Increment Results (ug/m#3)
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Figure 2: 24-Hour SO2 NAAQS Results (ug/m3)
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WDEQ noted that the Wyoming Fluoride standards were incorrectly listed in Table 7-5 in the permit
application. The maximum predicted project impacts are well below the 3.0 ug/m’ 12-hour, 1.8 ug/m’
24-hour, 0.5 ug/m® 7-day and 0.4 ug/m’ 30-day Wyoming Fluoride standards.

WDEQ also requested that Basin Electric provide electronic copies of: 1) the DEM data that were used
for the analysis, 2) the facility plot plan, and 3) calculation spreadsheets. These data, along with the
input/output files for the revised modeling runs, are provided on CD with this response memo.
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List of Attachments:

Attachment 1 SO, BACT Review PC Boiler

Attachment2  NO, BACT Review PC Boiler

Attachment 3 PM;, BACT Review PC Boiler

Attachment4  Auxiliary Equipment BACT Analysis

Attachment 5 Auxiliary Equipment Cost Analysis

Attachment6  RBLC Tables Auxiliary Boiler

Attachment 7  Auxiliary Equipment Emission Calculations

Attachment 8 RBLC Tabies Inlet Gas Heater
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List of Files on CD:
File Name Description
\DEM
' Digital Elevation Model (DEM) data used for ISCST3
MODEL.DEM modeling
\PlotPlans

Fig7-4_Sources.MXD

ArcMap8$.1 base file for Figure 7-4

Fig7-5-plot_plan_fenceline. MXD

ArcMap9.1 base file for Figure 7-5

\PlotPlans\GeoData

Background ArcMap files for Figures 7-4 and 7-5

\Isopleth

S02_24hiNC.EMF

Isopieth piot of 24-hour increment consumption fof SO,
{(Windows Picture - Enhanced [emf] format)

S02_24hINC.SRF

Isopleth plot of 24-hour increment consumption SO, (Surfer
[srf] format) —

\CalcSpreadsheets

B-1_BEPC_Dry_Fork_Emission
Calculations_for WDEQ 11-07-05.XLS

Excel workbook containing emissions inventory for Dry Fork
Station Project

Attachment_7_Auxiliary_Equipment_Emission
s_Workbook 03-02-2006.XLS

Excel workbook containing revised emissions calculation
sheets for auxiliary equipment for Dry Fork Station Project

\IsC

DF_S02_CUM_Incr_PR2.DTA (.LST, .GRF)

ISC-Prime input {.DTA), output (.LST), and graphics (.GRF)
files for revised SO2 increment run )

| DF_PM10_{ullgrid PR_95.DTA (.LST, .GRF)

1SC-Prime input (.DTA), output (.LST), and graphics (.GRF)
files for revised preliminary analysis for PM-10 (1995 met

‘data from E. Butte)

DF_PM10_fullgrid_PR_96.DTA (.LST, .GRF)

ISC-Prime input' (.DTA), output (.LST), and graphics (.GRF)
files for revised preliminary analysis for PM-10 (1986 met
data from E. Butte)

DF_PM10_fullgrid_PR_97.DTA (.LST, .GRF)

ISC-Prime input {.DTA), output (.LST), and graphics (.GRF)
files for revised preliminary analysis for PM-10 (1997 met
data from E. Butie)

ISC-Prime input {{DTA), output'(.LST), and graphics (.GRF)
files for revised preliminary analysis for PM-10 (1928 met
data from E. Butte)

DF_PM10_fullgrid PR_98.DTA (.LST, .GRF)

ISC-Prime input (.DTA), output (.LST), and graphics (.GRF)
files for revised preliminary analysis for PM-10 (1999 met
data from E. Butte)

DF_PM10_fullgrid PR_99.DTA (.LST, .GRF)
EB95.ASC ‘

Eagle Butte met data (1995)

EB96.ASC Eagle Butte met data (1996)
EB97.ASC Eagle Butte met data (1987)
EB98.ASC Eagle Butie met data (1998)
EBSO-ASC -Eagle Butte- met-data-(1999)
EB 00.ASC

Eagle Butte met data (2000)
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ATTACHMENT NO. 1

Response to WDEQ’s Completeness Review Dated December 21, 2005

WDEQ Comment 1: Basin Electric proposed a dry lime scrubber with emission limits of 0.1 Ib/MMBtu
(3-hour and 30-day averages) as BACT for SO,. Basin Electric also considered a wet scrubber

‘and an

emission limit of 0.09 1b/MMBitu and determined that the average cost effectiveness was

reasonable at 31,450/ton but excluded this option based on an incremental cost of $13,157/ton.

An analysis of the technical feasibility and cost effectiveness is required for wet scrubbers at
0.07 and 0.08 Ib/MMBtu, 30-day average, and for dry scrubbers at 0.07, 0.08, and 0.09
Ib/MMBtu, 30-day average. This analysis needs to include an explanation of expected
variability and how it affects a 3-hour versus 30-day average limit.

Response: The response to WDEQ Comment 1 has been divided into the following subtopics:

(2)
(b)

()
(@

(e)
®

Proposed Dry Fork Fuel Charactenstlcs

‘Wet FGD control efficiencies and the technical feasibility of achlevmg
emission rates of 0.07 and 0.08 Ib/MMBtu, 30-day average.

Dry FGD control efficiencies and the technical feasibility of achieving
emission rates of 0.07, 0.08, and 0.09 Ib/MMBtu, 30-day average.
Cost effectiveness of each technically feasible control scenario.
Collateral environmental issues associated with FGD control systems.
Proposed SO, emission limit and expected variability in the controlled
emission rate.

(a) Proposed Dry Fork Fuel Characteristics

The generation of sulfur dioxide (SO,) in a coal-fired boiler, and the feasibility of various control
technologies and controlled emission rates, is related to the sulfur content and heating value of the
fuel burned. As described in Basin Electric Power Cooperative’s (BEPC’s) Air Construction Permit
Application submitted November 10, 2005 (the “Permit Application™), the proposed Dry Fork Station
will be located adjacent to the Dry Fork Mine. Coal from the mine will be delivered to the power
plant via a covered, overland conveyor. Based on available analyses, coal burned at the Dry Fork

- Station will have the following characteristics (see, Permit Application Table 2-1):
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Parameter Unit Design | Minimum Maximum
Gross (Higher) Heating Value Buw/lb 8,045 7,800 8,300
Moistuie wt % 321 30.5 33.8
Volatile Matter wt % 30.1 28.0 32.0
Sulfur Content wt % 0.33 025 047
Ash Content wt % 4.8 4.2 6.5
Uncontrolled SO, Emission Rate Ib/mmBtu 0.82 0.60 1.21

The proposed Dry Fork Unit 1 boiler will be a pulverized coal-fired boiler designed for base-load
operation. Coal characteristics summarized above were used to establish the boiler’s performance
characteristics, and to evaluate the feasibility of various emission control technologies and controlied

emission rates.

(b) Wet FGD Chemistry and Control Efficiency

As discussed in section 5.2.3 of the Permit Application, wet FGD technology is an established SO,
contro] technology for coal-fired boilers. There are several commercially available wet scrubbing
systems. All wet scrubbing system designs will vary in design, however, all wet scrubbing systems
use an alkaline slurry that reacts with SO, in the flue gas to form insoluble calcium sulfite (CaSOs)
and calcium sulfate (CaSOy) salts. Wet FGD systems may be generally categorized as lime (CaO) or
limestone (CaCOs) scrubbing systems. The scrubbing process and equipment for either lime- or
limestone scrubbing is similar. Typically an alkaline shurry consisting of hydrated lime or limestone
is sprayed countercurrent to the flue gas in a spray tower. Design variations may include
modifications to increase slurry/SO, contact and minimize scaling in the reactor vessel. Equations 1-
1 through 1-5 summarize the chemical reactions that take place within the wet scrubbing systems to

remove SO, from flue gas.

SOZ + Ca0 + %Hzo - CaSO3‘I/2H20

SO, + Ca0 + 2H,0 — CaS0,2H,0

SOz + C&CO; + H20 b d CﬁSOg'HzO + COz
CaSO; + 140, + 2H,0 — CaS0O42H,;0

SO, + 2H,;0 + 12 O, + CaCO3; — CaSO42H,0 + CO,

(1-1)
(1-2)
(1-3)
(1-4)
(1-5)

Forced oxidation of the scrubber slurry can be used with either the lime or limestone wet FGD
system to produce gypsum solids instead of the calcium sulfite by-product. Air blown into the
reaction tank provides oxygen to convert most of the CaSO; to a relatively pure calcium sulfate, or
gypsum (CaSOy) as shown in equation 4. Forced oxidation of the scrubber slurry provides a more

stable by=product-and reduces-the-potential-for-scaling-in-the FGD:~The gypsum-by=product-from-this
process must be dewatered, but may be salable if a viable local market exists.
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Wet scrubbing systems using limestone as the reactant account for a large majority of the wet
scrubbing systems on utility boilers firing high-sulfur coals. Wet lime and limestone scrubbing
systems will achieve essentially the same SO, control efficiencies, however, the higher cost of lime
typically makes wet limestone scrubbing the more attractive option. Wet limestone systems have
demonstrated the ability to achieve control efficiencies as high as approximately 98% on boilers
firing high-sulfur bituminous coals under optimal conditions. The actual control efficiency of a wet
FGD system will depend on several factors, including the SO, concentration in the flue gas entering
the system.

The chemistry of wet scrubbing consists of a complex series of kinetic and equilibrium-controlled
reactions occurring in the gas, liquid, and solid phases. In general, the amount of SO, absorbed from
the flue gas is governed by the vapor-liquid equilibrium between SO, in the flue gas and the
absorbent liquid. If no soluble alkaline species are present in the liquid, the liquid quickly becomes
saturated with SO, and absorption is limited.! Likewise, as the flue gas SO, concentration goes
down, absorption will be limited by the SO, equilibrium vapor pressure. Therefore, higher control

. efficiencies can be achieved on flue gases with high concentrations of SO,. High control efficxencws
become increasingly difficult to achieve as the SO, concentration in the flue gas decreases.

Based on information available from FGD vendors, the control efficiency of a wet FGD control
system is limited to approximately 98% of the incoming SO, (in high sulfur applications) or a
controlled SO, concentration of approximately 20 ppmvd @ 3% O2, whichever is achieved first.

- FGD vendors have not guaranteed controlled SO, rates below approximately 20 ppmvd @ 3% 02
because of the low SO, concentration in the flue gas, high flue gas flow rate, and physical limitations
of the reactor vessels and control systems. A controlled SO, concentration of 20 ppmvd @3%02is
equivalent to an emission rate of approximately 0.04 lb/mthu

Figure 1 depicts the maximum control efficiencies and target controlled SO, emission rates of a wet
FGD control system as a function of the inlet SO, rate.? Based on a maximum uncontrolled SO,
emission rate of 1.21 1b/mmBtu, a wet FGD control system on Dry Fork Unit 1 would be expected to
achieve a maximum contro] efficiency in the range of 95.5% and a minimum target emission rate in
the range of 0.054 Ib/mmBtu. These represent the most aggressive control efficiency and the lowest
target emission rate that would be expected as guaranteed values from wet FGD vendors.

! Combustion Fossil Power — A Reference Book on Fuel Burning and Steam Generation, edited by Joseph P. Singer,
Combustion Engineering, Inc., 4™ ed., 1991 (pp. 15-41).

% Figure 1 is based on information from FGD vendors and emission rates achieved in practice at existing coal-'ﬁred
boilers equipped with wet FGD control systems. Actual guaranteed control efficiencies and emission rates may vary
from those shown in Figure 1.
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Figure 1
WEFGD Control Efficiency as a Function of Uncontrolled SO, Emission Rate
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Uncontrolled SO2 Emission Rate (Ib/mmBtu)

Although an emission rate as low as 0.054 Ib/mmBtu may be an acceptable “design target” for Dry

Fork Unit 1, this emission rate does not represent a “permit limit” or an emission rate that can be

achieved on a long-term basis under all normal operating conditions. Some reasonable margin must

be provided between the design target and the permit limit to allow for normal fluctuations in the
“controlled emission rate.

Bonanza Unit 1 is a 400 MW PC unit equipped with wet FGD. The unit fires low-sulfur western
bituminous coal with a potential uncontrolled SO, emission rate of approximately 0.84 Ib/mmBtu.’
Based on data available from U.S.EPA’s Acid Rain Database, Bonanza Unit 1 consistently achieves
one of the lowest controlled SO, emission rates in the U.S. Figure 2 shows the actual hourly
emission rates reported by Bonanza Unit 1 during a one-year period, and the caiculated 30-day

% Coal data for Bonanza Unit 1 was based on information available from the Federal Energy Regulatory Commission

) / (FERC). Based on the FERC data, Bonanza Unit 1 received western bituminous coal with an average heating value

of approximately 10,000 Biw/lb and a sulfur content of approximately 0.42%.
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rolling average. A summary of the variation in the controlled emission rate based on several
averaging times is provided in Table 1. It can be seen that variability in the controlled emission rate
increases with decreased averaging times.

Figure 2 :
SO2 Emission Rates Achieved In-Practice at Bonanza Unit 2
(Low-Sulfur Western Bituminous Coal and Wet FGD)

L + SO2Z Hourly Emissions * 24-hour Average —=—30-day Rolling Average
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Table 1

Average SO, Controlled Emission Rates
Low-Sulfur Bituminous Coal / PC Boiler / Wet FGD

Averaging Time
3-hour 24-hour 30-day
Average Emission Rate (lb/mmBtu) 0.057 0.057 0.057
Standard Deviation (Ib/mmBiu) 0.018 0.014 0.005
Emission Rate at 95% Confidence Level (Ib/mmBtu) 0.093 0.085 0.067
Percent Increase Above Average Emission Rate 63.2% 47.4% 17.5%

Based on information from FGD vendors, actual emission rates achieved in practice at existing
sources, the Dry Fork coal characteristics sammarized above, and a design target of 0.054 Ib/mmBtu,
controlled emission rates of 0.07 and 0.08 lb/mmBtu (30-day average) using wet FGD may be
achievable at the Dry Fork Station. However, emission rates below approximately 0.09 Ib/mmBtu
would eliminate almost all the margin between the design limit and the permit limit, and would
increase the risk of potential compliance issues at the plant. For this analysis it was concluded that
emission rates of 0.07 and 0.08 Ib/mmBtu (30-day average) could be achieved with a wet FGD
system, assuming an increased reactor size, additional spray levels, and increased Ca/S
stoichiometry.

(c) Dry FGD Chemistry and Control Efficiency

Another scrubbing system that has been designed to remove SO, from coal-fired combustion gases is
dry scrubbing. As described in section 5.2.3 of the Permit Application, dry scrubbing involves the
introduction of dry or hydrated lime slurry into a reaction vessel where it reacts with SO, in the flue
gas to form calcium sulfite solids (see equations 1-1 and 1-2). Unlike wet FGD systems that produce
a slurry by-product that is collected separately from the fly ash, dry FGD systems produce a dry by-
product that must be removed with the fly ash in the particulate control equipment. Therefore, dry
FGD systems must be located upstream of the particulate control device to remove the reaction
products and excess reactant material.

Two potentially feasible dry FGD systems were described in the Permit Application, lime spray dryer
absorber (SDA) and circulating dry scrubbers (CDS). A brief description of each dry scrubbing
system is provided below.

| Spray Dryer Absorber

SDA systems have been used in large coal-fired utility applications, and have demonstrated the
ability to effectively reduce SO, emissions. The typical spray dryer absorber uses a shutry of

Iime and water 1njected info an absorption tower to remove SO, from the combustion gases. The
towers must be designed to provide adequate contact and residence time between the exhaust gas
and the slurry to produce a dry by-product. The process equipment associated with a spray dryer
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‘typically includes an alkaline storage tank, mixing and feed tanks, one or more atomizers, spray
chamber, particulate control device and a recycle system. The recycle system collects solid
reaction products and recycles them back to the spray dryer feed system to reduce alkaline
sorbent use.

Various process parameters affect the efficiency of the SDA process including: the type and
quality of the additive used for the reactant, reactant stoichiometric ratio, the inlet fiue gas
temperature, how close the SDA. is operated to saturation conditions, and the amount of solids
product recycled to the atomizer.* Chemical and physical limitations including flue gas
temperature, Ca/S stoichiometry, approach to saturation, mixing and reaction time limit the
control efficiency of the SDA to a maximum of approximately 94%. SDA systems have been
permitted as BACT on pulverized coal-fired boilers firing low-sulfur PRB coals.’

Based on an uncontrolled SO, emission rate of 1.21 Ib/mmBtu, the most aggressive design target
for an SDA-FGD would be approximately 0.073 Ib/mmBtu (i.e., 94% control based on worst-
case design fuel). Although an emission rate as low as 0.073 Ib/mmBtu may be an acceptable
design target for Dry Fork Unit 1, this emission rate does not represent a permit limit or an
emission rate that can be achieved on a long-term basis under all normal operating conditions.
Some reasonable margin must be provided between the design target and the permit limit to
allow for normal fluctuations in the controlled emission rate. '

S .
N

Figure 3 shows the actual hourly SO, emission rate reported by KCPL Hawthorne Unit 5 during

- the time period January 1, 2004 through March 31, 2005. Hawthorne Unit 5 is a nominal 570
MW pulverized coal-fired unit firing subbituminous coal and equipped with an SDA control
system. A summary of the variation in the controlied emission rate based on several averaging
times is provided in Table 2.

*_Combustion-Fossil- Rower, (pp.-15-58).

. .
/? See, for example, Comanche Unit 3, City Utilities of Springfield — Southwest Power Station, MidAmerican
Council Bluffs Unit 4, and Kansas City Power & Light — Hawthorne Facility
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Figure 3
Actual SO, Emission Rates
PRB-Fired PC Unit Equipped with SDA
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Table 2
Average SO; Controlled Emission Rates
Subbituminous Coal / PC Boiler / SDA
Averaging Time
3-hour 24-hour 30-day

Average Emission Rate (Ib/mmBtu) 0.099 0.099 0.099
Standard Deviation (lb/mmBtu) 0.083 0.052 0.012
Emission Rate at 95% Confidence Level (Ib/mmBtu) 0.26 0.20 0.12
Percent Increase Above Average Emission Rate 163% 102% . 21%
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Based on the Dry Fork fuel characteristics, the physical/chemical limitations of an SDA control

" system, and the controlled emission rates achieved in practice, it is concluded that the most
aggressive SO, design target would be 0.073 Ib/mmBtu and that a minimum 20% margin would
be needed between the design target and the permit limit (30-day average) to account for normal
fluctuations. Based on these assumptions, the most aggressive permit limit associated with an
SDA would be 0.09 Ib/mmBtu (30-day average). Permit limits below 0.09 Ib/mmBtu are not
considered technically feasible with the SDA. control system.

Circulating Dry Scrubber

A second type of dry scrubbing system is the CDS. A CDS system uses a circulating fluidized
bed of dry hydrated lime reagent to remove SO,. Flue gas passes through a venturi at the base of
a vertical reactor tower and is humidified by a water mist. The bumidified flue gas then enters a
fluidized bed of powdered hydrated lime where SO, is removed. The desulfurized flue gas
passes out of the scrubber, along with reaction products, including unreacted hydrated lime,
calcium carbonate, and the fly ash to the particulate removal system (fabric filter baghouse).

3 Based on information available from equipment vendors, the CDS flue gas desulfurization

/ system should be capable of achieving SO, removal efficiencies similar to those achieved with an
SDA. In fact, vendors advise that the CDS system is capable of achieving even higher removal
efficiencies with increased reactant injection rates and higher Ca/S stoichiometric ratios. To date
the CDS has had limited application, and has not been used on large pulverized coal boilers. The
largest CDS unit, in Austria, is on a 275 MW size oil-fired boiler burning oil with a sulfur | '
content of 1.0 to 2.0%. Operating experience on smaller pulverized coal boilers in the U.S. has
shown high lime consumption rates, and significant fluctuations in lime utilization based on inlet
SO, loading.® ' :

Neil Simpson Unit 2 is a nominal 80 MW pulverized coal-fired unit equipped with a CDS control
system. The CDS system has been in operation since 1995, and is equipped with an ESP for
particulate matter control. Summarized in Table 3 are the hourly SO, emission rates reported by
Neil Simpson Unit 2 between 1/1/2002 through 12/31/2004 and the calculated 30-day rolling
averages. Table 3 includes a summary of the average controlled emission rate and the variation
in the controlled emission rate for several averaging times.

/\ 6 See, Lavely, L.L., Schild, V.S., and Toher, J., “First North American Circulating Dry Scrubber and Precipitator

Y Remove High Levels of SO2 and Particulate”,
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Figure 3
Actual SO, Emission Rates
PRB-Fired PC Unit Equipped with CDS
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Table 3
Average SO, Controlled Emission Rates
Subbituminous Coal / PC Boiler / CDS
Averaging Time
3-hour 24-hour 30-day

Average Emission Rate (Ib/mmBtu) 0.137 0.137 0.137
Standard Deviation (Ib/mmBtu) 0.125 0.095 0.029
Emission Rate at 95% Confidence Level (Ib/mmBtu) 0.387 0.327 0.195
Percent Increase Above Average Emission Rate 182% 139% 42%
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Based on engineering judgment it has been determined that a CDS-FGD control system would be
technically feasible at Dry Fork Unit 1. However, there is limited operating experience with
CDS scrubbers upon which to establish a control efficiency that could be achieved on an on-
going long-term basis. Based on emission rates achieved in practice at an existing source, it
appears that the CDS control system may offer the opportunity to achieve more stringent SO,
emission rates, but the CDS system has shown more variability in the controlied SO, rate over an
extended time period. For this assessment it was determined that the CDS-FGD system could
achieve controlled SO, emission rates as low as 0.08 lb/mmBtu (30-day average) with a properly
designed reactor vessel and relatively high Ca/S stoichiometric ratios.

(d) __ Cost Evaluation

An estimate of annual emission reductions, capital costs, and annual operating costs associated with
each technically feasible control scenario was prepared. Table 4 includes the expected controlled
SO, emission rates and maximum annual SO, mass emissions associatéd with each technology.

- Table 5 presents the capital costs and annual operating costs associated with building and operating
each control system. Table 6 shows the average annual cost effectiveness of each control system.

Table 4

Annual SO, Emissions
_ S0, Emissions Annual Annual Reduction in
Control Technology ‘ (Ib/mmBtu) Emissions Emissions
{tpy)* (tpy from base case)*
Wet FGD @ 0.07 0.07 1,183 12,469
CDS @ 0.08 . 0.08 1,332 12,320
Wet FGD @ 0.08 - 0.08 1,352 12,300
SDA @ 0.09 , 0.09 1,498 12,154
Wet FGD @ 0.09 0.09 1,521 12,131
SDA @ 0.10 0.10 1,665 11,987
Low Sulfar Sub-bituminous 0.82 13,652 --
Coal (Baseline) v

* Annual emissions were calculated based on a maximum heat input of 3,801 mmBtu/hr for the dry
FGD configurations, and a maximum heat input of 3,858 mmBtwhr for the wet FGD to account for
the additional auxiliary power required for the wet FGD system. Baseline annual emissions were
calculated using the average sulfur content in the coal. All emissions were calculated assuming a
100% capacity factor. -
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Table 5
SO, Emission Control System
Cost Summary
Total Installed Annual Capital Total Annual Total Annualized
Control Capital Cost Recavery Cost Operating Costs Costs
Technology 3 ($/year) ($/year) ($/vear)
Wet FGD @ 0.07 $82,783,594 $7,814,200 $12,520,200 $20,334,400
CDS @ 0.08 $68,512,849 $6,467,100 $11,105,000 $17,512,100
Wet FGD @ 0.08 $79,723,340 $7.525,300 $11,456,000 $18,981,300
SDA @ 0.09 $67,741,165 $6,394,300 $9,100,700 $15,495,000
Wet FGD @ 0.09 $77,386,350 $7,304,700 $10,416,000 $17,720,700
SDA @ 0.10 $63,565,800 $6,000,200 '$8,256,700 $14,256,900
Table 6
SO, Emission Control System
R Cost Effectiveness
> Total Annual Emission | Average Annual
Control Technology Annualized Reduction Cost
Costs Effectiveness
($/year) {tpy) ($/ton)

Wet FGD @ 0.07 $20,334,400 12,469 31,631

CDS @ 0.08 $17,512,100 12,320 $1,426

Wet FGD @ 0.08 $18,981,300 12,300 $1,543

SDA @ 0.09 $15,495,000 12,154 $1,275

Wet FGD @ 0.09 $17,720,700 12,131 $1,461

SDA @ 0.10 $14,256,900 11,987 $1,189

All of the technically feasible post-combustion desulfurization control systems (e.g., wet FGD, SDA,

and CDS) appear to be economically feasible based on average annual cost effectiveness, with
average cost effectiveness values ranging from approximately $1,189 to $1,631/ton. However,
because of the large quantity of pollutant removed by the FGD systems, average cost effectiveness
may not accurately represent economic impact on the project. For example, all of the FGD control

systems will remove approximately 12,000 tons of potential SO, emissions per year. Therefore, total

annualized costs of more than $60 million dollars per year would be needed to exceed an average
cost effectiveness of $5,000/ton.
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Because all the FGD systems effectively remove SO, emissions, it is appropriate to include an
evaluation of the incremental cost effectiveness of the potentially feasible systems.” Summarized in
Tables 7 and 8 are the incremental cost effectiveness calculations for various control combinations.
Table 7 compares dry FGD systems at increasingly stringent SO, emission rates, and Table 8
compares wet FGD to dry FGD.

Table 7

SO, Emission Control System
Dry FGD Incremental Cost Effectiveness

Estimated Incremental Incremental Incremental Cost
Control Techrology Annual Emission Increase in Total Effectiveness
Emissions Reduction Annuai Cost
(tpy) (tpy) (8/yr) ($/tom)
CDS @ 0.08 1,332 166 $2,098,000 $12,476
SDA @ 0.09 1,498 167 $1,238,100 $7,437
SDA @ 0.10 1,665 - - $1,189
Table 8
SO, Emission Control System
‘Wet FGD Incremental Cost Effectiveness
Estimated Incremental Incremental | Incremental Cost -
Control Technology Annnal Emission Increase in Total ‘Effectiveness
’ - Emissions Reduction Annual Cost ‘
‘ (tpy) (tpy) (8/yr) ($/ton)
Wet FGD @ 0.07 compared to 1,183 149 $2,762,300 . §$18,538
CDS @ 0.08 1,332 ‘
Wet FGD @ 0.09 compared to 1,521 144 $3,463,800 $24,052
SDA @ 0.10 1,665 ‘
Wet FGD @ 0.08 compared to 1,352 313 $4,724.400 $15,094
SDA @ 0.10 1,665
Wet FGD @ 0.07 compared to 1,183 482 $6,077,500 $12,610
SDA @ 0.10 1,665

The wet FGD control system offers the potential to achieve the most stringent SO, emission limits.

However, the incremental costs associated with the wet FGD system on a subbituminous-fired boiler
are excessive. The incremental cost effectiveness of wet FGD ranges from approximately $12,610 to
more then $24,000/ton, depending on the dry scrubbing system and the controlled emission rate. The

7 New Source Review Workshop Manual (NSR Manual), USEPA Office of Air Quality Planning and Standards,
Research Triangle Park, NC, Draft October 1990 (pp. B.31).
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incremental cost effectiveness of the wet FGD system is significantly greater than the average cost of
SO, control at similar sources. Wet FGD systems have a higher initial capital requirement
(compared to dry systems), require more energy to operate, and have slightly higher annual operating
costs.

The average cost effectiveness of the dry systems (SDA and CDS) is similar. Based on information
available from system vendors, it appears that capital requirements will be essentially equal, however
the CDS system may have higher operating cost because of additional reactant consumption and
auxiliary power requirements. In addition, it may be difficult to obtain stringent guaranteed emission
limits with the CDS system because of the limited number of CDS systems currently in operation.

The average cost effectiveness of a dry scrubbing system (SDA or CDS) designed to achieve a
controlled emission limit of 0.10 1b/mmBtu is estimated fo be approximately $1,189/ton. An
emission limit of 0.10 Ib/mmBtu represents a control efficiency of approximately 92% from the
worst-case design coal. The dry scrubbing system would have to be designed to achieve a target
emission rate less than 0.10 Ib/mmBtu to provide some margin between the design limit and the
permit limit.

Reducing the permit limit below 0.10 1b/mmBtu would minimize any margin between the design
target and the permit limit, and will likely result in increased O&M costs associated with more
frequent atomizer changes, more frequent bag changes in the downstream fabric filter, and increased
maintenance materials and the corresponding O&M labor costs. Based on an estimate of the total
annualized cost for each control level, the incremental cost of reducing the permit limit from 0.10.to
0.09 Ib/mmBtu is estimated to be $7,437/ton. To achieve a controlled SO, emission rate of 0.08
Ib/mmBtu with a dry system, the system would have to be designed as a CDS-FGD, and the
incremental cost effectiveness of the CDS-FGD systerns is estimated to be approximately
$12,610/ton. In addition to minimizing the margin between the permit limit and the design target,
these incremental costs are significantly greater than the average cost effective of SO, control at Dry
Fork Unit 1 and the average cost effectiveness of SO, control as similar sources.

(e) Collateral Environmental Impacts

In addition to the economic impact associated with various control scenarios, BACT requires an
applicant to evaluate potential collateral environmental impacts. Potential collateral environmental
impacts associated with each FGD system are discussed below.

Wet FGD Environmental Impacts

There are several collateral environmental impacts associated with wet FGD control systems.
First, wet FGD systems generate a calcium sulfate waste by-product that must be properly
managed. Historically, solid wastes generated from wet FGD systems have been dewatered and
disposed of in landfills. Most new wet FGD systems utilize a forced oxidation system that

Tesilfs it a gypsum by-product that can sometimes be sold into the local gypsum market. I am
adequate local gypsum market is not available, the gypsum by-produet will require proper
disposal. ’
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Second, wet FGD systems will result in greater potential emissions from the following sources:

1. Wet FGD systems use more reactant (e.g., limestone) than do dry systems, therefore the
limestone handling system and storage piles will generate more fugitive dust emissions.

2. Wet FGD systems must be located downstream of the unit’s particulate control device
therefore, dissolved solids from the wet FGD system will be emitted with the wet FGD
plume. Wet FGD control systems also generate lower stack temperatures that can reduce
plume rise and result in a visible plume.

3. SO;remaining in the flue gas will react with moisture in the wet FGD to generate
sulfuric acid mist. Sulfuric acid mist is classified as a condensible particulate.
Condensable particulates from the wet FGD system can be captured using additional
emission controls (for example, wet electrostatic precipitation). However the
effectiveness of a wet ESP system on a sub-bituminous fired unit has not been
demonstrated and the additional cost of the wet ESP system would significantly increase
the cost of SO, control. ’

Third, overall emissions of NO,, CO, VOC and PM10 will increase with the wet FGD
configuration. Auxiliary power requirements for the wet FGD system are greater then the

“auxiliary power requirements of the dry FGD systems, and will reduce the unit’s net plant heat -

rate. Consequently, heat input to the boiler would need to increase by approximately 1.5% with
the wet FGD to achieve the same net plant output. The calculated maximum heat input to the
boiler with the dry FGD configuration is 3,801 mmBtuw/hr. To achieve the same net output with a
wet FGD the maximum heat input would need to increase to approximately 3,858 mmBtu/hr,
increasing NOx, CO, PM10, and VOC emissions on a per MW-generated basis.

Alternatively, BEPC could design the proposed unit with wet FGD and reduce the net plant
output from 385 MW to approximately 380 MW without an increase in collateral emissions.
However, the lost output (approximately 43,800 MW annually) would need to be replaced with -
power from existing power stations. Most existing power stations emit significantly more
pollutants per MW output than the proposed Dry Fork Station. ‘

Finally, Wet FGD systems also require significantly more water than the dry systems. Based on
preliminary engineering calculations, it is estimated that a wet FGD system would require at least
30% more water than a dry system, or approximately 200 million gallons per year. Water
consumption is an important factor in the viability of the Dry Fork Station, in fact, the station is
being designed with an air cooled condensing system to minimize water consumption. Wet FGD
systems also generate a wastewater stream that must be treated and discharged.

Dry FGD - Environmental Impacts

Collateral environmental impacts are less significant with dry scrubbing systems (both the spray
dryer absorber and circulating dry scrubber). First, dry scrubbing systems utilize lime as the
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reactant rather than limestone. Lime-based scrubbing systems use less reactant than limestone-
based systems, reducing overall particulate matter emission from the facility’s material handling
system. Although the lime in a dry scrubbing system will be hydrated prior to use, it is
estimated, based on preliminary engineering calculations, that a dry system will require
approximately 30% less than the water requirements for a wet system. Furthermore, water used
to hydrate the lime will be evaporated in the absorber vessel, and a dry FGD should not generate
a wastewater stream.

Dry scrubbing systems are located upstream of the unit’s particulate control device. FGD solids
mixed with fly ash will be captured in the particulate control device. The mixture of dry FGD
solids and fly ash is generally not salable, however the material does not require dewatering and
is easily landfilled. Assuming the unit is equipped with a fabric filter baghouse for particulate
control, the alkaline filter cake associated with the dry scrubber will augment the capture of acid
gases (mcludmg sulfuric acid), and will minimize condensible particulate emissions.

() _Expected Variability in the Controlled Emission Rate

Based on technical, economic, and collateral environmental impacts, BEPC is proposing dry FGD as
BACT for the Dry Fork Station. Dry FGD has been permitted as BACT for several proposed
pulverized coal-fired boilers firing low-sulfur subbituminous coal, including: (1) City of Springfield-
Southwest Power Station, Missouri (0.095 Ib/mmBtu 30-day average); (2) Comanche Unit 3,
Colorado (0.10 Ib/mmBtu 30-day average); (3) Wygen Unit 2, Wyoming (0.10 Ib/mmBtu 30-day
average; and (4) MidAmerican Council Bluffs Unit 4, lowa (0.10 Ib/mmBtu 30-day average). None
of the units listed above have been built or commenced operation.

The most stringent 30-day average SO, limit recently permitted as BACT for a facility equipped with
a dry scrubbing system that has begun operation is 0.12 Ib/mmBtu at the Hawthorne Generating
Station in Missouri. The Hawthorne permit requires the facility to burn only low-sulfur
subbituminous coals with a maximum sulfur content of 0.65%, and SO, emissions are controlled with
an SDA. Hourly SO, emissions from Hawthorne Unit 5 for the time period January 1, 2004 through
March 31, 2005 were summarized in Figure 2. During that time period, Hawthorne Unit 5 achieved
an average SO, emission rate of 0.099 Ib/mmBtu with a standard deviation of 0.012 Ib/mmBtu (30-
day rolling average). The data also show that variability in the controlled SO, emission rate
increased with shorter averaging times. For example, the standard deviation in the controlled
emission rate on a 24-hour average was 0.052 Ib/mmBtu.

(g) Conclusions

Based on information available from FGD vendors, emission rates achieved in practice by existing
sources, economic impacts, and engineering judgment, BEPC is proposing dry scrubbing (SDA or
CDS) with a controlled SO, emission rate of 0.10 Ib/mmBtu as BACT for Dry Fork Unit 1. An SO,

emission limit of 0-10 1b/mmBtu (30-day 1olling average) appears to be both techirically and
economically feasible, and will require the unit to achieve a control efficiency of approximately 92%
(based on the worst-case design coal), which is very close to the design limits of the equipment. To
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ensure compliance, the dry scrubbing system proposed by BEPC will have to be designed to achieve
a target emission rate below 0.10 lb/mmBtu under all normal operating conditions.

Dry scrubbing systems have proven to be very reliable, however, like all emission control systems,
dry scrubbing systems take time to respond to process changes and allowances must be made for
routine maintenance and repairs. As discussed above, variability in the controlled SO, emission rate
will increase with shortened averaging times. No information is available specifically describing
causes of the short-term increases in the controlled SO, emission rate. However, based on
information available from equipment vendors, short-term variations in the controlled emission rate
are likely due (at least in part) to changes in sulfur content of the fuel, boiler load changes, atomizer
change-outs, and short-term equipment failures (e.g., pumps, plugging, etc).

Dry Fork Unit | will be designed to proactively identify processes that may cause short-term
increases in the controlled SO, emission rate. For example, Dry Fork Unit 1 will be designed with
coal sampling/testing systems that will allow the facility to identify short-term increases in the fuel
sulfur content, and the ability to blend incoming fuel to minimize short-term increases in SO; loading
to the dry scrubbing system. The dry scrubbing system will also be specified to include advanced
process control systems to minimize response time to process changes, and the facility will
implement comprehensive inspection/maintenance programs to minimize the frequency of unplanned
equipment failures. These systems and procedures should minimize the short-term variability in the
controlled SO, emission rate, however, it is anticipated that the short-term SO, emission rate (e.g., 3-
hour average) will continue to show more variability than the 30-day rolling average. To account for
short-term variability in the controlled SO; emission rate, BEPC is proposing an average 3-hour SO,
emission rate of 380.1 1b/hr. This emission limit is based on a maximum heat input to the boiler of
3,801 mmBtu/hour and a controlled SO, emission rate of 0.10 Ib/mmBtu. Establishing a mass-based
short-term emission limit will allow BEPC to respond to short-term excursions associated with fuel
sulfur content, boiler load changes, and routine equipment maintenance and repairs.

The proposed BACT emission limits (0.10 Ib/mmBtu 30-day average and 380.1 Ib/hr 3-hour average)
will ensure that the Dry Fork Unit 1 dry scrubbing system will be operated in such a way as to
continuously achieve a high control efficiency, while providing a reasonable margin to allow the
system to respond to routine operating and process changes. The proposed emission rates will
require state-of-the-art SO, control and are consistent with other recently permitted PC units.
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ATTACHMENT NO. 2

Response to WDEQ’s Completeness Review Dated December 21, 2005

WDEQ Comment 2: Basin Electric proposed low NOx burners, overfire air, and SCR with an

emission limit of 0.07 Ib/MMBtu, 30-day average as BACT. An analysis of the technical
feasibility and cost effectiveness is required for emission levels of 0.05 and 0.06
Ib/MMBtu, 30-day average.

Response: In the Permit Application, BEPC evaluated the potential feasibility of several NOx

control systems and concluded that combustion controls (including low NOx burners and
overfire air) coupled with selective catalytic reduction (SCR) represented the most effective
technically feasible NOx control systems for Dry Forks Unit 1 (see, section 5.2.4 of the
Permit Application). Based on BACT emission rates included in recently issued PSD
permits for large subbituminous coal-fired boilers, BEPC proposed a controlled NOx
emission rate of 0.07 Ib/mmBtu (30-day average).

. SCR involves injecting ammonia into boiler flue gas in the presence of a catalyst to reduce

NO, to N; and water. The overall SCR reactions are:

4NH3 + 4NO + 02 g 4N2 + 6H20
8NH; + 4NO, + 20, — 6N, + 12H,0

The performance of an SCR system is influenced by several factors including flue gas

~ temperature, SCR inlet NO, level, the catalyst surface area, volume and age of the catalyst,

and the amount of ammonia slip that is acceptable.

v The optimal temperature range for NOx reduction depends on the type of catalyst used, but is

typically between 560 °F and 800 °F. This temperature range typically occurs between the

' economizer and air heater in a large utility boiler. Below this range, ammonium sulfate is

formed resulting in catalyst deactivation. Above the optimum temperature, the catalyst will
sinter and thus deactivate rapidly. Another factor affecting SCR performance is the
condition of the catalyst material. As the catalyst degrades over time or is damaged, NO,
removal decreases.

SCR is a relatively new control technology, and there are limited operating data available to
evaluate the long-term effectiveness of SCR on subbituminous-fired PC units. KCPL’s
Hawthorne Unit 5 (Missourt) is a new subbituminous coal-fired boiler equipped with SCR
for NO, control. The unit was permitted in August 1999 and began actual operation around
May 2001. SCR has also been installed on subbituminous-fired PC units at the W.A. Parish
Generating Station in Houston, Texas. The Parish Station is located in the
Houston/Galveston severe ozone non-attainment area. Parish Units 5 and 6 are tangentially

" fired boilers, and were retrofit with low-NOx burners and SCR to achieve stringent NOx

emissionlimits-imposed-| by—the—I—Iouston/Galvesten—-Area—Gzone—S{P—’Phe—SCRﬂystems-for———————

Units 5 and 6 went into service in April 2003 and January 2003, respectively.
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Table 1 summarizes the average NOx emission rates reported by Hawthorn Unit 5, Parish
Unit 5, and Parish Unit 6 to the U.S.EPA pursuant to the federal Acid Rain Program. Table 1
includes an evaluation of the variability of the controlled NOx emission rate as a function of
averaging time. Figures 1, 2, and 3 show the hourly NOx emission rates reported by each
unit and the calculated 30-day rolling averages.

Table 1
NOx Emission Rates and Variability at Hawthorn Unit 5,

Parish Unit 5, and Parish Unit 6

Unit/ NOx Emissions Average Hourly Standard Hourly/30-Day Emission
Data Evaluated NOx Emission Deviation* Rate Achieved at 95%
SCR Startup Between the Rate Coxfidence Interval**
Date Dates: (Ib/mmBtu) (Ib/mmBtx) (Ib/mmBtu)
Hawthorn Unit 5 | July 1, 2004 to 0.009 (hourly) 0.09 (hourly)
May 2001 March 31, 2005 0.072 0.0044 (24-hour) 0.081 (24-hour)
0.0032 (30-day) 0.078 (30-day)
Parish Unit 5 June 1, 2003 to 0.0136 (hourly) 0.066 (hourly)
. April 2003 June 30, 2005 0.039 0.0096 (24-hour) 0.058 (24-hour)
> _ 0.0068 (30-day) 0.053 (30-day)
. Parish Unit 6 June 1, 2003 to 0.0162 (hourly) 0.073 (hourly)
January 2003 June 30, 2005 0.041 0.0123 (24-hour) 0.066 (24-hour)
0.0094 (30-day) 0.060 (30-day)

* NOx emissions data for the hourly, 24-hour, and 30-day rolling average NOx emission rates were
evaluated for normal distribution, and variation in the data was evaluated by calculating the standard
deviation for each averaging period. ' '

** The 95% confidence level for each averaging period was calculated based on the average emission rate
plus two standard deviations.
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Figure 1
KCPL Hawthorn Unit 5
 Hourly NOx Emission Rates 6/1/2004 — 3/31/2005
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Figure 2
Parish Unit 5
Hourly NOx Emission Rates 6/1/2003 - 6/30/2005
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Figure 3
Parish Unit 6

Hourly NOx Emission Rates 6/1/2003 - 6/30/2005
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The Parish units have demonstrated the ability to achieve very stringent NOx emission rates.
Between June 1, 2004 and June 30, 2005, Parish Units 5 and 6 achieved average NOx emission rates
of 0.039 and 0.041 Ib/mmBtu, respectively. Both Parish units have shown variability in the
controlled NOx emission limit, as would be expected with any emissions control system. Based on
standard deviation calculations, Parish Unit 5 has consistently achieved an average controlled NOx
emission rate below 0.058 Ib/mmBtu (24-hour average) about 95% of the time, and below 0.053
Ib/mmBtu (30-day rolling average). Parish Unit 6 has achieved average NOx emission rates of 0.066
Ib/mmBtu (24-hour average) and 0.060 Ib/mmBtu (30-day average) about 95% of the time. The SCR
systems for Parish Units 5 and 6 were designed to use four layers of catalyst, with three instalied
initially and the fourth installed after two years of operation. The systems were designed to operate
year-round in two-year cycles.!

Since July 1, 2004, Hawthorn Unit 5 has also demonstrated the ability to achieve stringent NOx
emission rates, and variability in the controlled NOx emission rate at Hawthorn Unit $ is similar to
the variability seen at Parish Units 5 and 6. Between July 1, 2004 and March 31, 2005, Hawthorn
Unit 5 achieved an average NOx emission rate of 0.072 Ib/mmBtu, and achieved controlled NOx
emission rates below 0.081 Ib/mmBtu (24-hour average) and 0.078 Ib/mmBtu (30-day average) about
95% of the time.

\ Several design variables will influence the performance of the SCR system, including the volume,

' age and surface area of the catalyst (e.g., catalyst layers), uncontrolled NO, emission rate, flue gas
characteristics, and catalyst activity.> Catalyst that has been in service for a period of time will have
decreased performance because of normal deactivation and deterioration. Catalyst that is no longer
effective due to plugging, blinding or deactivation must be replaced. Catalyst deterioration and
deactivation is a function of the flue gas characteristics. As stated above, there is limited operating
history describing exactly how flue gas generated from burning subbituminous coals will affect
catalyst life and overall SCR performance.

Based on NO, emission rates reported to EPA from existing subbituminous-fired units, it can be.
concluded that the lowest achievable emission rate (LAER) for NOx is approximately 0.056
Ib/mmBtu (30-day average). The LAER emission rate is based on the average 30-day NOx emission
rate achieved using a 95% confidence level at Parish Units 5 and 6, which are both located in the
Houston/Galveston severe ozone non-attainment area. The site-specific NOx emission rate for a
subbituminous-fired PC unit equipped with SCR may be greater than 0.056 1b/mmBtu depending on
site-specific boiler design, flue gas characteristics, operating practices, and the incremental costs

! See, Power Magazine, “W.A. Parish Electric Generaﬁon Station, Thompson, Texas,” August 15, 2004,

% See, e.g., Sanyal, A., Pircon, I.J., “What and How Should You Know About U.S. Coal to Predict and Improve
SCR Performance”, proceedings of the USEPA, DOE, EPRI, Combined Power Plant Air Pollution Conirol Mega
i Symposium;-Chicage; I-August- 2001-—See also,-Gutberlet, Ho Schluter, A Licata,-A.. “Deactivation-o£SCR-
N Catalyst”, proceedings of the DOE’s 2000 Conference on Selective Catalytic and Selective Non-Catalytic
__/‘ Reduction for NOx Control, Pittsburgh, PA, 2000.
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associated with achieving LAER.? Costs associated with achieving LAER rﬁay include a larger SCR
control system, additional layers of catalyst, larger ammonia delivery system, increased ammonia
use, and more frequent catalyst changes.

Cost estimates were developed for SCR control systems designed to achieve controlled NOx
emission rates between 0.056 Ib/mmBtu (LAER) and 0.09 Ib/mmBtu. Capital costs were based on
U.S.EPA’s Coal Utility Environmental Cost (CueCost) cost estimating worksheets.! O&M costs
were calculated using guidelines in U.S.EPA’s OAQPS Control Cost Manual® and fixed and variable
O&M calculations. Table 2 summarizes the inputs used to develop the capital and O&M cost
estimates for the SCR control systems.

 Table2
SCR Capital Cost and O&M Cost Variables
Case 1 Case 2 Case 3 Case 4" Case 5
Variable Units 0.09 0.08 0.07 0.06 0.056
‘Ib/mmBtu | Ib/mmBtu | Ib/mmBtu | lb/mmBtu | lb/mmBtu
. Space Velocity Used to Vs 6700 6533 6365 6097 5695
\\} Estimate Catalyst Volume
4 NH,/NOx Stoichiometric ratio 1.0 1.1 12 14 1.5
Ratio . ‘ :
NOx Emission Rate to Ib/mmBtu 0.3 0.3 0.3 03 0.3
SCR ' o
Controlled NOx Emission | Ib/mmBtu - 0.090 0.080 0.070 0.060 0.056
Rate ' .
Overall Catalyst Life years 4.0 -~ 35 3.0 2.5 20
Ammonia Cost $/ton $400 $400 $400 $400 $400
Catalyst Cost $/f° $195 $195 $195 $195 $195

3 See, Cichanowicz, J.E., Smith, L.L., “SCR Performance Analysis Hints at Difficulty in Achieving High NOx
Removal Targets”, Power Engineering, November 2002.

4 Coal Utility Environmental Cost (CUECost) Workbook User’s Manual, Version 1.0, Prepared for the U.S.

Environmental-Protection-Agency; EPA-ContractNo-68-D7-0601-

/% OAQPS Control Cost Manual, U.S.EPA, EPA-450/3-90-006, January 1990.
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operating each SCR system, based on the cost variables summarized in Table 2. Table 5 shows the
average annual and incremental cost effectiveness for each controlled emission rate. The average
cost effectiveness calculations and incremental cost effectiveness calculations are depicted

graphically in Figures 4 and 5, respectively.

Table 3
Annual NOx Emissions
NOx Emissions Maximum Annual Annual Emission
Control Technology (Ib/mmBtu) Emissions Reductions
(tpy)* (tpy from base case)*
Case 5 - 0.056 lb/mmBtn LAER 0.056 932 4,062
Case 4 — 0.06 Ib/mmBtu 0.06 999 3,663
Case 3 — 0.07 Ib/mmBtu 0.07 1,165 3,849
Case 2 - 0.08 lb/mmBtu 0.08 1,332 3,663
Case 1 — 0.09 lb/mmBitu 0.09 1,498 3,496
Baseline — Combustion 0.30 4.995 na
Controls (LNB + OFA)

* Maximurm annual emissions, and annual emission reductions for this analysis are based on a maximum heat input

of 3,801 mmBtwhr and 8,760 hours per year.

Table 4
NOx Emission Control System
Cost Summary
Total Capital Annual Capital Annual Operating Total Annual
Control Technology . Investment Recovery Cost Costs Costs
{$) ($/year) (S/year) ($/year)

Case 5 - 0.056 Ib/mmBtu $30,047,700 $2,836,300 35,839,600 $8,675,900
LAER

Case 4 — 0.06 Ib/mmBtu $28,176,900 $2,659,700 $4,830,300 $7,490,000
Case 3 — 0.07 Ib/mmBtu $25,086,000 $2,367,900 $3,921,400 $6,289,300
Case 2 — 0.08 Ib/mmB $24,398,500 $2,303,000 $3,577,000 35,880,000
Case 1 - 0.09 lb/mmBtu $23,881,900 $2,254,300 $3,340,700 $5,595,000
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Table 5

NOx Emission Control System
Average and Incremental Cost Effectiveness

Total Annual Annual Average Incremental Incremental
Control Technology Cost Emission Annual Cost Emission Annual Cost
Reduction Effectiveness Reductions Effectiveness
(S/year) (tpy) ($/ton) (tpy) ($/ton)
Case 5 - 0.056 Ib/mmBtu $8,675,900 4,062 $2,149 . 67 317,810
LAER :
Case 4 - 0.06 Ib/mmBiu $7.450,000 3,663 $1,870 166 $7.210
Case 3 — 0.07 Ib/mmBtu $6,285,300 3,849 $1,640 166 $2,460
Case 2 — 0.08 Ib/mmBtu $5.880,000 3,663 $1,610 166 $1,710
Case 1 —0.09 Ib/mmBtu $5.595,000 3,496 $1,600 - na
Figure 4

Average Cost Effectiveness of SCR at Various Centrolled Emission Rates
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Figure 5
Incremental Cost Effectiveness of SCR at Various Controlled Emission Rates
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SCR control systems become increasingly less cost effective as the controlled NOx emission rate
becomes more stringent (see, Figure 4). Factors affecting the cost effectiveness of an SCR system
include both capital requirements and O&M. Figure 4 also shows that the rate of change in the
average cost effectiveness continues to increase as the controlled NOx emission rate becomes more
stringent, especially below a controlled NOx emission rate of approximately 0.07 Ib/mmBtu.

The average cost effectiveness of SCR varies between approximately $1,600/ton at 0.09 lb/mmBtu
and $2,140/ton at 0.056 Ib/mmBtu. Although LAER emission rates appear to be economically

feasible-based-on-the-average-cost-effectiveness-caleulation;-average-cost-effectiveness-may-not
accurately describe economic impacts on the project because of the large guantity of NOx removed
under each SCR scenario. The SCR control system will reduce annnal NOx emissions by
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approximately 3,800 tons/year. Because of the large quantity of NOx removed under any SCR
scenario, it is appropriate to evaluate the incremental cost effectiveness associated with achieving
more stringent NOx emission rates.’

The incremental costs associated with achieving more stringent NOx emission rates significantly
increase below a controlled NOx rate of approximately 0.07 Ib/mmBtu. Between 0.08 and 0.07
Ib/mmBtu the incremental cost is estimated to be approximately $2,460/ton, or approximately 50%
greater than the average cost effectiveness. Between 0.07 and 0.06 Ib/mmBtu the incremental cost
effectiveness increases to approximately 3.4 times the average cost effectiveness, or $7,210/ton. The
incremental cost associated with achieving a controlled NOx emission rate equivalent to LAER
(0.056 Ib/mmBtu) is estimated to be approximately $17,810/ton. Both capital costs and annual
operating costs have a significant impact on the cost effectiveness of an SCR control system. The
most significant annual operating costs associated with the SCR include increased ammonia costs
associated with the lower NOx emission rates, and increased catalyst replacement costs associated
. with more frequent catalyst changes.

A permit limit below 0.07 1b/mmBtu would eliminate almost all the margin between recently
proposed design targets for an SCR system and the permit limit. The BACT emission limit
established during the initial permitting process will be enforceable over the life of the unit. Asa
result, the BACT analysis must take into account the full range of possible fuels, operating
conditions, operating system fluctuations, and normal wear-and-tear on the units and control systems.
The U.5.EPA Environmental Appeals Board has recognized that “permitting agencies have the
discretion to set BACT limits at ievels that do not necessarily reflect the highest possible control.
efficiencies but, rather will allow permittees to achieve compliance on a consistent basis.” See,
Three Mountain Power, PSD Appeal No. 01-05 at 21 (May 30, 2001), citing: In re Masonite Corp., 5
E.AD. 560-61 (EAB 1994) (“There is nothing inherently wrong with setting an emission limitation
that takes into account a reasonable safety factor.”); and In re Knauf Fiber Glass, GmbH, PSD
Appeal Nos. 99-8 to—72, slip op. at 21 (EAB, Mar. 14, 2000) (“The inclusion of a reasonable safety
factor in the emission limitation is a legitimate method of deriving a specific emission limitation that
may not be exceeded.”).

All recently permitted PC boilers have been permitted with combustion controls and SCR as BACT.
Of the PC boilers that have recently been constructed and begun operation, the most stringent NO
emission rate is 0.08 Ib/mmBtu at the Hawthome facility in Missouri.” Since July 1, 2004, '

¢ See, NSR Review Manual: “In addition to the average cost effectiveness of a control option, incremental cost
effectiveness between dominant conirol options should also be calculated. The incremental cost effectiveness
should be examined in combination with the average cost effectiveness in order to justify elimination of a control
system.” page B.41. “A comparison of incremental costs can be useful in evaluating a specific control option over
a range of efficiencies. For example, depending on the capital and operational costs of a control device, total and
incremental cost may vary significantly (either increasing or decreasing ) over the operation range of a control

device.> page B.43

" The Hawthorne facility was permitted to operate with a NOx emission rate of 0.12 Ib/mmBtu for the first three
years of operation. During that time, the facility was required to determine the feasibility of achieving a lower
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Hawthorne Unit 5 has maintained a controlled NOx emission rate of 0.078 Ib/mmBtu on a 30-day
rolling average (see, Figure 1). The lowest NO, emission limit identified for any proposed, but not
yet constructed, pulverized coal unit is 0.069 Ib/mmBtu (30-day rolling average) for the City Public
Service Spruce Unit 2 (Texas). Roundup Units 1 and 2 (Montana), Council Bluffs Unit 4 (Towa),
Intermountain Power Unit 3 (Utah), and Wygen Unit 2 (Wyoming) have recently been permitted at
0.07 Ib/mmBtu. Xcel Comanche Unit 3 (Colorado) and City Utilities of Springfield (Missouri) were
recently permitted with a NO, emission limit of 0.08 lb/mmBtu (30-day rolling average).

Based on technical feasibility, physical limitations of the control system, emissions achieved in
practice at existing sources, and economic impacts, BEPC is proposing an emission rate of 0.07
Ib/mmBtu (30-day average) as BACT for NOx control. Reducing the permitted NOx emission rate
below 0.07 Ib/mmBtu would eliminate almost all margin between the design target of the control
system and the permit limit. Furthermore, the incremental cost effectiveness associated with
reducing NOx emissions from 0.07 to 0.06 1b/mmBtu is calculated to be $7,210/ton, which is more
then three times the average cost effectiveness of NOx control at Dry Fork Unit 1.

Finally, there are collateral environmental issues associated with using an SCR system, including
ammonia slip emissions, the potential formation of ammonia salts, catalyst disposal and increased
SO; to SO; conversion in the flue gas. These environmental impacts tend to increase as the
controlled NOx emission rate is pushed lower. For example, lower NOx emission rates are typically
associated with increased ammonia slip, increased SO, to SO; conversion, and increased
condensible particulate matter emissions. More stringent NOx emission rates will also require more
frequent catalyst changes, increasing the quantity of spent catalyst requiring storage, treatment and
disposal.

J

NOx emission rate (0.08 lb/mmBiu) on a consistent basis while remaining in compliance with all other permitted
emission limits (e.g., CO and VOC).
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ATTACHMENT NO. 3

Response to WDEQ’s Completeness Review Dated December 21, 2005

WDEQ Comment 3: Basin Electric proposed fabric filters with an emission limit of 0.012 Ib/MMBtu, 3-

hour average. An analysis of the technical feasibility and cost effectiveness is required for
emission levels of 0.009, 0.01, and 0.011 Ib/MMBtu, 3-hour average.

Response: Inthe Permit Application, BEPC evaluated the potential feasibility of both electrostatic

precipitation (ESP) control systems and fabric filter baghouse systems. Based on a technical review
of each particulate matter (PM) control system, and BACT emission limits included in recently
issued PSD permits for coal-fired power plants, BEPC concluded that the fabric filter baghouse
represented the most effective PM,q control device, and proposed a controlled PM;, (filterable)
emission rate of 0.012 Ib/mmBtu (3-hour average).

Fabric filtration has been widely applied to coal combustion sources since the early 1970s and
consists of a number of filtering elements (bags) along with a bag cleaning system contained in a
main shell structure incorporating dust hoppers. Fabric filters use fabric bags as filters to collect
particulate matter. The particulate-laden gas enters a fabric filter compartment and passes through a
layer of filter bags. The collected particulate forms a cake on the bag that enhances the bag’s
filtering efficiency. Excessive caking will increase the pressure drop across the fabric filter at which
point the filters must be cleaned.

The particulate removal efficiency of fabric filters is dependent upon a variety of particle and
operational characteristics. Particle characteristics that affect the collection efficiency include
particle size distribution, particle cohesion characteristics, and particle electrical resistivity.
Operational parameters that may affect fabric filter collection efficiency include bag material, air-to-
cloth ratio, and operating pressure loss.

Fabric-filters have relatively constant outlet emissions while exhibiting varying pressure drops
dependent upon the degree of cake thickness. As the flue gas passes through the fabric, the captured

- particulate forms a cake on the surface of the fabric. This deposit increases both the filtration

efficiency and its resistance to gas flow. Therefore, for continuous operation, a fabric-filter must
have some mechanism for periodic cleaning of the deposited cake. Cleaning mechanisms include
reverse-air systems and pulse-jet systems. The cleaning mechanism is frequently used to describe the
type of fabric filter. BEPC proposed a pulse jet baghouse following the dry flue gas desulfurization
system for Dry Fork Unit 1.

Page 1
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Fabric specifications include such properties as tensile strength, abrasion resistance, chemical attack
resistance and limitations of operating temperature. Synthetic fibers are typically used because they
can operate at higher temperatures and more effectively resist chemical attack. The synthetic fiber
most used for high temperature applications (i.e., 400 °F to 500 °F) is fiberglass. For low
temperature applications below approximately 200 °F, such as dry FGD systems and coal crushers,
polypropylene is often used. For power plant applications, with typical air heater outlet temperatures
around 300 °F, other registered trademark fibers such as Teflon, Fiberglas, Ryton, and P84 have also
been used. Most of the baghouses currently operating on coal fired utility boilers use bags made with
Fiberglas or Ryton. Ryton is a felted filter made of polyphenylene sulfide fibers generally attached
to a polyfluorocarbon scrim. Ryton can operate at continuous temperatures of 370 °F or less, and
shows good resistance to acids and alkalis. Fiberglas, Teflon, Nomex and Ryton have been used to

- remove particulate emissions generated from industrial and utility coal-fired boilers. Another

* material nsed to make bags is Gore-tex membrane. The Gore-tex membrane is an expanded
polytetrafluoroethylene (PTFE) membrane that is laminated with a variety of fibers such as Fiberglas

. to produce felt and woven filters. Pulse-jet baghouse vendors typically specify either PPS or P84 bag
material. Other fabric materials may not be suitable because of the more aggressive cleaning system
associated with a pulse-jet baghouse.

Overall fabric filter system designs involve the selection of the cleaning mechanism and type of
fabric to be used for a particular service. When assessing emission control limits of fabric filters, the
issue of mechanical integrity of the filter housing (e.g., welds, seams, bag hangers, and connections)
may become just as important as the filter fabric. As specialty fabrics reduce the flow or particulates
through the fabric, the relative importance of particulate emissions due to compromises in the
integrity of the filter housing (e.g., failed welds, cracks, loose bag hangers, etc) becomes more
pronounced. ' ’

\\ —

Based on engineering experience, it is expected that a properly sized and operated fabric filter should

~ consistently achieve a filterable PM,, emission rate below 0.015 Ib/mmBtu, and may achieve actual
emission rates in the range of 0.010 lb/mmBtu. However, because of the potential for increased
particulate emissions immediately following a cleaning cycle (i.e., before the filter cake is re-
established), and because of the potential for particulate emissions associated with filter housing
integrity, fabric filter vendors have not provided guarantees below 0.012 [b/mmBtu. Based on recent
coal-fired boiler projects, the most stringent guaranteed PM,, emission rate available is in the range
of 0.012 Ib/mmBtu. Furthermore, to guarantee an emission rate below approximately 0.012
Ib/mmBtu, it is likely that the fabric filter vendors will specify the use of specialty filter bags such as
PTFE membrane bags. These specialty bags are more expensive but should provide slightly higher
control efficiencies. Between controlled emission rates of 0.015 and 0.012 1b/mmBtu it appears that
several commercially available fabrics could be used successfully to ensure compliance.

" This evaluation is based on the following assumptions: (1) guarantees for a controlled emission rate
below 0.010 Ib/mmBtu are not currently available; (2) controlled emission rates of 0.010 and 0.011
—_  Ib/mmBtuwould be technically feasible, however, to ensure compliance with.these emission.rates.the

baghouse vendor would specify specialty membrane filter bags; and (3) controlled emission rates

;
Ed
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between 0.012 and 0.015 Ib/mmBtu are technically feasible, and compliance with these emission
rates could be achieved using a variety of commercially available fabrics.

Summarized in Table I are the maximum annual PM,, mass emissions associated with each
technically feasible PM;, emission rate. Table 2 presents the capital costs and annual operating costs
associated with building and operating each fabric filter control system. Table 3 shows the average
annual cost effectiveness and incremental cost effectiveness of the fabric filter control systems.

Table 1
Annual PM;;, Emissions
PM;, Emissions Maximum Annual Annual Emission
Control Technology (Ib/mmBtu) Emissions Reductions
(tpy)* (tpy from base case)*
Fabric Filter @ 0.009 Ib/mmBtu 0.009 - NA " NA
(emission rate not (emission rate not
. commercially available) { commercially available)
| Fabric Filter @ 0.010 Ib/mmBiu 0.010 166 31,743
: ) (Specialty membrane bags)
~ Fabric Filter @ 0.011 Ib/mmBtu 0.011 183 31,726
(Specialty membrane bags)
Fabric Filter @ 0.012 lb/mmBtu 0.012 200 31,709
(Ryton or equivalent bags)
Fabric Filter @ 0.013 Ib/mmBtu 0.013 216 31,693
(Ryton or equivalent bags) . _
Fabric Filter @ 0.014 1o/mmBtu 0.014 233 31,676
( Ryton or equivalent bags)
Baseline Emissions** 1.92 31,909 v -
(No Control)

¥  Maximum annual emissions, and annual emission reductions were calculated based on a maximum heat input
to the boiler of 3,801 mmBtu/hr and 100% capacity factor.

** Baseline PM;, emissions were calculated based on the following assumptions: (1)} maximum heat input to the
boiler of 3,801 mmBtwhr; (2) fuel heating vaiue of 7,800 Btaw/lIb; (3) maximum ash content of 6.5%; (4) 80:20
split between fly ash and bottom ash; and (5) 23% of the potential PM emissions were PM;, (AP-42 Table 1.1-
6). '
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Table 2
- PM, Emission Control System
Cost Summary
Total Capital Total Annual Capital Annual Total Annual
Control Technology Investment Capital | Recovery Cost | Operating Costs Costs
6] Investment ($/year) ($/year) ($/year)
($/KW-net)
Fabric Filter @ 0.010 Ib/mmBtu : '
Specialty membrane bags) $40,811,390 $106.0 $3,852,300 $3,410,500 $7,262,300
Fabric Filter @ 0.011 lb/mmBtu .
(Specialty membrane bags) $40,719,990 $105.8 $3,843,700 $3,247,400 $7,091,100
Fabric Filter @ 0.012 Ib/mmBtu
| Ryton or equivalent bags) $38,372,990 $99.7 $3,622,100 | $2,594,500 $6,216,600
Fabric Filter @ 0.013 Ib/mmBtu
(Ryton or equivalent bags) $38,281,490 $99.4 $3,613,500 $2,536,400 $6,149,900
Fabric Filter @ 0.014 Ib/mmBtu |-
( Ryton or equivalent bags) $38,194,590 $99.2 $3,605,300 $2,476,100 $6,081,400
Baseline Emissions**
’ )(No Control) ‘
Table 3 .
PM;y Emission Control System
- - Cost Effectiveness
Total Annual Annual Average Annual Incremental
Control Technology Cost Emission Cost. Annual Cost
Reduction Effectiveness Effectiveness*®
($/year) (tpy) ($/tom) ($/ton)
Fabric Filter @ 0.010 Ib/mmBtu 31,743 $229 $10,100
(Specialty membrane bags) $7,262,800 :
Fabric Filter @ 0.011 Ib/mmBtu $7.091.100 31,726 $224 $51,441
(Specialty membrane bags) e
Fabric Filter @ 0.012 Io/mmBtu 31,709 $196 34,169
(Ryton or equivalent bags) $6,216,600
Fabric Filter @ 0.013 1b/mmBtu 31,693 $194 $4,029
(Ryton or equivalent bags) 36,149,900
Fabric Filter @ 0.014 Ib/mmBtu 31,676 5192 --
{ Ryton or equivalent bags) $6,081,400

* Incremental cost effectiveness was calculated by comparing each control technology with the next most stringent
control technology, and dividing the incremental increase in the Total Annual Cost by the incremental decrease in

annual PM10 emissions.
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The average cost effectiveness of the fabric filter system varies between approximately $192/ton and
$229/ton. The average cost effectiveness is low because of the large quantity of particulate matter
removed by the system (greater than 31,500 tons per year). . Because all of the potentially feasible
fabric filter control systems remove large quantities of particulate matter, it is appropriate to evaluate
the incremental cost effectiveness of the fabric filter systems designed to achieve more stringent
emission limits.'

The incremental cost associated with reducing controlled PM;, emissions from 0.014 to 0.013
Ib/mmBtu and from 0.013 to 0,012 Ib/mmBtu is estimated to be approximately $4,029 and
$4,169/ton, respectively. These costs are significantly higher than the average cost of PM;, control
at Dry Fork Unit 1, but would not create a significant economic impact because of the relatively
small reduction in annual PM;, emissions (approximately 17 tons/year). Costs associated with the

. more stringent PM,;, emission rates would include a small increase in initial capital cost and a small

increase in annual O&M costs.

Below a permit limit of approximately 0.012 Ib/mmBtu, it is anticipated that fabric filter vendors .
would specify the use of specialty bags. Specialty bags represent a significant increase in the initial
capital investment and a significant increase in the cost of replacement bags. Assuming specialty
bags would be specified, the incremental cost effectiveness associated with reducing PM;, emissions
from 0.012 to 0.011 Ib/mmBtu is estimated to be approximately $51,441/ton. This incremental cost
effectiveness is disproportionately high because of the relatively small increase in emission
reductions (approximately 17 tpy) and the relatively large increase in initial capital and O&M costs
associated with the specialty bags. The incremental cost effectiveness associated with the more
stringent PM;o emission limits should preclude specialty bags from consideration as BACT.

Based on technical feasibility, physical limitations of the control system, guaranteed emission rates
available from control system vendors, and economic impacts, BEPC is proposing an emission rate
of 0.012 Jb/mmBtu (3-hour average) as BACT for filterable PMj, control.

In addition to potential economic impacts, there may be collateral environmental impacts associated
with the membrane filters. The effectiveness of a bag filter increases as the particulate cake builds
on the fabric and within the interstitial space of the filtering material. In addition to increasing the
filtering effectiveness, the alkaline filter cake captures SO,, acid gases, and trace constituents
including mercury. Once the pressure drop across the filter cake reaches a certain level, the bag is
cleaned and the filtering/cake building process starts over. Membrane fabrics will release virtually
all of the filter cake during the cleaning cycle, and may not retain a particulate cake within the

! See, NSR Review Manual: “In addition to the average cost effectiveness of a control option, incremental cost
effectiveness between dominant control options should also be calculated. The incremental cost effectiveness
should be examined in combination with the average cost effectiveness in order to justify elimination of a control
system.” page B.41. “A comparison of incremental costs can be useful in evaluating a specific control option over
a range of efficiencies. For example, depending on the capital and operational costs of a control device, total and

incremental cost may vary significantly (either increasing or decreasing ) over the operation range of a control
device.” page B.43.
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fabric’s interstitial space after cleaning. This characteristic of a membrane filter may madvertently
reduce the unit’s overall control efficiency of acid gases and mercury.

All recently permitted PC boilers have been permitted with fabric filters as BACT for PM,, control.
The lowest filterable PM;, emission rate designated as BACT is 0.012 lb/mmBtu at Comanche Unit3
(Colorado) and Wygen Unit 2 (Wyoming). Neither unit has commenced operation or demonstrated
the ability to achieve the proposed BACT emission limit on an on-going long-term basis. Several
other facilities, including Roundup Units 1 and 2 (Montana) and Intermountain Unit 3 (Utah), have
been permitted with a filterable PMo emission rate of 0.015 Ib/mmBtu. Because BPEC is proposing
a control technology that results in the most stringent controlled emission rate, the use of fabric
filters and a controlled PM,, emission rate of 0.012 Ib/mmBtu should be considered BACT for the
proposed boiler.
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Attachment 4
Best Available Control Technology Analysis
Auxiliary Boiler and Inlet Gas Heater

A Best Available Control Technology (BACT) analysis review has been conducted for the
auxiliary boiler and the inlet gas heater for carbon monoxide (CO), particulate matter (PM),
particulate matter less than 10 microns (PM), volatile organic compounds (VOC), sulfur
dioxide (SO), and nitrogen oxides (NO,) in response to the issues requested to be addressed

* by Wyoming Department of Environmental Quality.

1.1 Pollution Controls

1.1.1 Sulfur Dioxide and Related Compounds

Exclusive use of clean burning natural gas constitutes BACT for t’ms project for the auxiliary
boiler and inlet gas heater.

1.1.2 Nitrogen Oxides

NOx is formed in the boiler in the combustion process. The emissions of NOx from the
auxiliary boiler at Dry Fork will be controlled to BACT levels through the use of Low NOx
Burners (LNB) and flue gas recirculation (FGR). Low NOx burners control the formation of
NO, by staging the combustion of the natural gas to keep the peak flame temperature below
the threshold needed for NOx formation. LNB control of NOx was also evaluated for the '

. inlet gas heater.

1.1.3 Particulate Matter and PMg
The use of natural gas as the fuel source for the auxiliary boﬂer and inlet gas heater are

- BACT for particulate matter and PMio.

1.1.4 Carbon Monoxide and Volatile Organic Compounds

Carbon monoxide (CO) and non-methane volatile organic compounds (VOCs) are formed
from the incomplete combustion of the natural gas in the auxiliary boiler and inlet gas ‘
heater. The formation of CO and VOCs is limited by controlling the combustion of the fuel
and providing adequate oxygen for complete combustion. Thus, good combustion practice
is the technique to be used to limit CO and VOC emissions.

1.2 BACT Determination

This-section-presents.the required BACT analyses
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1.2.1 Applicability

The requirement to conduct a BACT analysis and determination is set forth in section
165(a)(4) of the Clean Air Act and in federal regulations 40 CFR 52.21(j).

1.2.2 Top-Down BACT Process

EPA has developed a process for conducting BACT analyses Th:s method is referred to as
the “top-down” method. The steps to conducting a “top-down” analysis are listed in EPA’s
“New Source Review Workshop Manual,” Draft, October 1990. The steps are the following:

Step 1 - Identify All Control Technologies

Step 2 - Eliminate Technically Infeasible Options

Step 3 ~ Rank Remaining Control Technologies by Control Effectiveness
Step 4 - Evaluate Most Effective Controls and Document Results

Step 5 - Select BACT

Each of these steps has been conducted for SO;, NOx, CO, VOC, PM, and PMy and are

described below.

1.2.3 Auxiliary Boiler

1.2.3.1 SO, Analysis

Step 1 - Identify All Control Technologies

The first step is to evaluate SO2 controls determined to be BACT by permitting agencies
across the United States. This information is available from the EPA RACT/BACT/LAER .
Clearinghouse (RBLC) database accessible on the Internet. The printout from the database
for SO is shown in Attachment 6 Table 5-A. A broad range of other information sources
were also reviewed in an effort to identify all potentially applicable emission control
technologies.

Potential SO, emission reduction options found in the RBLC and other sources that could be
applied to the Dry Fork Station auxiliary boiler include:

e Use of clean burning low sulfur fuel (natural gas)
o Good Combustion Practice

Step 2 - Eliminate Technically Infeasible Options

Both of these options are technically feasible for use in reducing SO, emissions from the
auxiliary boiler at the Dry Fork Station. Based on a maximum total sulfur content in the
natural gas of 2,000 grains/ 106 scf, and assuming 100% conversion of the sulfur to SO,, the
maximum SO2 emission rate would be 0.6 Ib/ mmscf or 0.0006 Ib/ mmBtu. See, AP-42 Table
1.4-2.

Step 3.~ Rank Remaining-Control- Technologies_by Control. Effectiveness

Based on the Step 2 analysis, good combustion practice and use of clean burmng fuel are the
only technologies for this application.
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Step 4 — Evaluate Most Effective Controls and Document Results

No environmental or energy costs are associated with the use of low sulfur fuel or good
combustion practices in an auxiliary boiler.

Step 5~ Select BACT

The final step in the top-down BACT analysis process is to select BACT. EPA's
RACT/BACT/LAER Clearinghouse (RBLC), a database of past technology decisions, and
recently approved PSD permits were again consulted to assist in selecting BACT for this
project. '

Based on the technology and clearinghouse database discussion above, good combustion
practice and use of clean burning fuel in an auxiliary boiler are chosen as the technology to
control emissions of SO, with BACT emission limits of 0.0006 Ib/ mmBtu for the auxiliary
boiler. ' ‘

1.2.3.2 NOx Analysis

Step 1 - Identify All Control Technologies

The first step is to evaluate NOx controls determined to be BACT by permitting agencies
across the United States. This information is available from the EPA RACT/BACT/LAER
Clearinghouse (RBLC) database assessable on the Internet. The printout from the database
for NOx is shown in Attachment 6, Table 6-A. A broad range of other information sources
were also reviewed in an effort to identify all potentially applicable emission control
technologies. : '

Potential NOy control technology options are:

Selective catalytic reduction (SCR) |

Low NOx Burner (LNB) Technology with Flue Gas Recirculation (FGR)
Low NOy Burners (LNB) -

Good combustion practice

Step 2 - Eliminate Technically Infeasible Options

- All of these technologies have been used to reduce NOy emissions from natural gas fired
boilers, and all of these technologies are listed in the RBLC for natural gas fired auxiliary
boilers. Based on engineering judgement, all of the technologies listed above are technically
feasible. |

Step 3 — Rank Remaining Control Technologies by Control Effectiveness

Emission rates for each of the technology combinations are required to rank them in order of
effectiveness. Estimated controlled emission rates and projected permit limits are provided
in Table 1. The controlled emission rates summarized in Table 1 are based on information
included in the RBLC database (Attachment 6, Table 6-A).
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The PSD NSR regulations require that BACT, at a minimum, meet the applicable NSPS limit.
Because there is an NSPS that applies to the boiler (40 CEFR Part 60 Subpart Db), the NSPS
emission limit is also included in the ranking.

TABLE 1
NOx Control Technology Emission Rate Ranking
Control Technology Controlled NO, Projected NO, Permit

Emission Rate 2 Limitb

SCR and Low NOy Burners 0.010-0.050 0.012

Low NOy Burners plus FGR 0.036 - 0.090 0.040

Low NOy Burners ' 0.036 —0.200 0.054

Good Combustion Practice with Base 0.095 - 0.280 0.116

Burner System

NSPS Limit 0.200 0.200

2 Pounds per million Btu as found in the RBLC database.

b Pounds per million Btu based on the NOx emission rates found in the RBLC database, and
including a reasonable margin between the design target and the permit limit.

Nomenclature:

SCR = Selective catalytic reduction

FGR = Flue Gas Recirculation

NSPS = New Source Performance Standards

Step 4 - Evaluate Most Effective Controls and Document Results
Low NOx Burners and Flue Gas Recirculation

Combustion controls, including Low NOx burners and flue gas recirculation, are being
considered for this project, thus environmental, energy, and economic impacts associated
with the combustion control systems must be examined.

Low NO, burners' limit NOx formation by controlling both the stoichiometric and
temperature profiles of the combustion flame in each burner flame envelope. This control is
achieved with design features that regulate the aerodynamic distribution and mixing of the
fuel and air, yielding reduced oxygen (Oz) in the primary combustion zone, reduced flame
temperature and reduced residence time at peak combustion temperatures. The
combination of these techniques produces lower NOx emissions during the combustion
process.

Flue gas recirculation controls NOy by recycling a portion of the flue gas back into the
primary combustion zone. The recycled air lowers NOx emissions by two mechanisms: (1)
the recycled gas is made up of combustion products which are inert during combustion,

1
The term "LNB" is used generically in this BACT analysis, and refers to advanced low-NOx burners available from leading
boiler/burner manufacturers. The term does not represent any vendor-specific trade name
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thereby lowering combustion temperatures, and (2) by lowering the oxygen content in the
primary flame zone. The amount of recirculation is based on flame stability.

Combustion modifications designed to decrease NOx formation (lower temperature and less
oxygen availability) also tend to increase the formation and emission of CO and VOCs.
Therefore, the combustion controls must be designed to reduce the formation of NO, while
maintaining CO and VOC formation at an acceptable level. Other than the NO,/CO-VOC
trade-off, there are no environmental issues associated with using combustion controls to
reduce NO, emissions.

SCR

SCR is a control technique that uses ammonia to react with the NOx in the flue gas at the
appropriate temperature in the presence of a catalyst to form water and nitrogen. SCR has
two well-documented environmental impacts associated with it, ammonia emissions
(sometimes called ammonia slip) and disposal of spent catalyst. Some ammonia emissions
from an SCR system are unavoidable because of imperfect distribution of the reacting gases,
and ammonia injection control limitations as well as a partially degraded catalyst that
results in an incomplete reaction of the available ammonia with NO,. The NO, removal
efficiency of an SCR system depends on the ratio of ammonia to NOx. Therefore, increasing
the amount of ammonia injected increases the control efficiency but also increases the
amount of unreacted ammonia that is emitted to the atmosphere. Ammonia emissions from
a well-controlled SCR system can likely be limited to 10 ppmv or less. Ammonia emissions
are of concern, because ammonia is a significant contributor to regional secondary
particulate formation and visibility degradation. In this case reduced NOx emissions as an
environmental benefit would be traded for increased ammonia emissions as an '
environmental cost.

The other environmental impact associated with SCR is disposal of the spent catalyst. Some
of the catalyst used in SCR systems must be replaced every three to five years. These
catalysts contain heavy metals including vanadium pentoxide. Vanadium pentoxide is an
acute hazardous waste under the Resource Conservation and Recovery Act (RCRA), Part -
261, Subpart D - Lists of Hazardous Materials. This must be addressed when handlingand
disposing of the spent catalyst

Good combustion practice

The next control technology in the hierarchy is good combustion practice. No environmental
or energy costs are associated with good combustion practice for an auxiliary boiler.

Economic Evaluation

SCR represents the control system that will result in the Jowest controlled NOx emission
rate. Based on a maximum heat input to the auxiliary boiler of 134.1 mmBtu/hr and 2,000
hours/year maximum operation, an SCR system would reduce potential NOx emissions

from the auxiliary boiler from approximately 7.24 tpy (based on LNB only) to

approximately 1.61 tpy. The second most effective control system would be LNB
combustion with FGR. This configuration would reduce potential annual emissions to
approximately 5.36 tpy.
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The installation of Low NO, burners, Low NO, Buimers with FGR or Low NO, Burners with
SCR will increase the capital cost of the auxiliary boiler. Capital costs associated with FGR
include additional ductwork, fans, and instrumentation and controls. Capital costs
associated with SCR include the SCR grid, initial catalyst, ammonia injection system, and
system instrumentation. The SCR system will also increase the annual operating costs of the
auxiliary boiler. Operating costs associated with the SCR include ammonia usage and
catalyst replacement costs. '

A summary of the capital costs and annual O&M costs associated with Low NOy Burner,
FGR and SCR control systems is provided in Table 2. Detailed cost estimates are provided
in Attachment 5.

TABLE 2
NOx Control Technology Cost Effectiveness Evaluation
Control Total installed Total Annualized Annuai Emission  Incremental Cost

Technology Capital Costs Costs Reduction Effectiveness
SCR $688,500 $263,400 375 $70,242
FGR $93,500 $15,006 1.88 $7,982
l.ow NOy Burners $197,290 $20,553 8.32 $3,552
Combustion Control Base Base
with Base Burner
System

Tons/Year emissions based on 134.1 mmBtu/hr boiler heat inpht x 2,000 hours of operation per vear x NOy
emission rate for each control technology.

Based on information available from boiler vendors, an SCR system will increase the cost of
the auxiliary boiler by approximately $688,500. Total annualized costs associated with the
SCR system, including ammonia, catalyst replacement, auxiliary power, capital recovery,
and indirect operating costs are estimated to be approximately $263,409/ year. Based on an
annual reduction in NO, emissions of 3.75 tpy (5.36 tpy - 1.61 tpy) compared to the Low
NOx Burner with FGR alternative, the incremental cost effectiveness of the SCR system
would be approximately $70,242/ton. This cost is disproportionately high compared to the
average cost effectiveness for NOyx control from a natural gas fired boiler, and should
preclude SCR as BACT for NO control.

The FGR control system will increase the cost of the auxiliary boiler by approximately
$93,500, and will result in a slight increase in annual O&M costs associated with additional
auxiliary power and increased maintenance costs. Total annualized costs associated with
the FGR system are estimated to be approximately $15,006/year. Based on an annual
reduction in NOy emissions of 1.88 tpy (7.24 tpy - 5.36 tpy), the incremental cost
effectiveness of the FGR system would be approximately $7,982/ton. Based on the
relatively-small-inerease-in-annualized-cost BERC feels-that is-appropriate to-construct the

auxiliary boiler with low NO burners and a FGR control system.
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Step 5~ Select BACT

The final step in the top-down BACT analysis process is to select BACT. EPA’s
RACT/BACT/LAER Clearinghouse (RBLC), a database of past technology decisions, was
again consulted to assist in selecting BACT for this project.

Proposed BACT for the auxiliary boiler is good combustion control, combined with low-
NOx burner technology and flue gas recirculation that will achieve a controlled NOx
emission rate of 0.04 Ib/mmBtu. The economic factors for installation of SCR as the next
most stringent level of control on the auxiliary boiler indicate that there is relatively little
control benefit obtained for the significant investment in addition to the increase in potential

- environmental impacts. The cost of SCR to control emissions to 0.012 1b/mmBtu is

estimated at $70,242 per ton of NO, removed (compared to LNB and FGR at 0.04
Ib/mmBtu). The Low NO; Burner, FGR and SCR cost estimates are shown in Attachment 5.

Therefore, based on the discussion above, low-NOx burner technology with flue gas
recirculation, a NOx emission rate of 0.04 b/ mmBtu, and 2,000 hour per year operatlon are
selected as BACT for the auxﬂlary boiler.

1233 CO and VOC Analysis

Step 1 - Identify All Control Technologies

- \) Two control technologies were identified to control CO and vOC e1mss1ons from the Dry
S Fork Auxiliary Boiler:

¢ Catalytic oxidation
¢ Low NOx Burners with Flue Gas Recirculation

e Good combustion Practice
Catalytic oxidation is a post—combustion control device that would be applied to the
combustion system exhaust, while good combushon practices are part of the combustion
system design. ,
Step 2 - Eliminate Technically Infeasible Options
Implementation of good combustion controls is technically feasible. Implementation of add-
on controls such as catalytic oxidation to the proposed auxiliary boiler is also technically
feasible.
Step 3 - Rank Remaining Control Technologies by Control Effectiveness
Emission rates for each of the technically feasible CO/VOC control technologies are

- summarized in Table 3. The controlled emission rates summarized in Table 3 are based on
information included in the RBLC database (Attachment 6, Tables 1-A and 2-A), information
from equipment vendors, and AP-42 emission factors.
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TABLE 3
CO /VOC Control Technology Emission Rate Ranking _
Control Technology Projected Controlled CO Projected Controlled VOC
Permit Limit Permit Limitb
Low NOy Burners : 0.11 ' 0.0054
Low NO, Burners plus FGR 0.08 0.0054
CO Catalyst 0.011 ' 0.0027

“ Pounds per million Btu based on information available from boiler vendors, and assuming 90%
overall control with the CO oxidation catalyst contro! system.

® Pounds per million Biu based on AP-42 emission factors for natural gas combustion (Table 1.4-2),
and assuming 50% overall VOC contro! with the CO oxidation catalyst control system.

Note: Compliance with the projected pemit limits would be demonstrated based on annual stack
tesis using U.S.EPA Test Methods 10, 10A, or 10B (CO) and Method 25 (VOC), as applicable

Nomenclature:
FGR = Flue Gas Recirculation

Step 4 — Evaluate Most Effective Controls and Document Results

Implementation of proper burner design to achieve good combustion efficiency in heaters
and boilers will minimize the generation of CO. Good combustion efficiency relies on both
hardware design and operating procedures. Satisfactory burner design provides proper
residence time, temperature and combustion zone turbulence, with in combination with
proper control of air-to fuel ratio, are essential elements of a low-CO technology.
Combustion modifications designed to control CO/VOC emissions could result in higher
NO emissions. However, proper burner design and operation should limit CO and VOC
emissions while controlling the average NOx emission rate. Other than the CO/VOC - NOx
trade-off, there are no other environmental issues related to combustion controls.

A catalytic oxidation system typically consists of a passive reactor fitted with a honeycomb
grid of metal panels and coated with a precious metal catalyst (usually platinum, palladium
or thodium). The catalyst promotes the oxidation of CO and VOCs to CO; and water at
temperatures lower than would be necessary for oxidation without a catalyst. Pressure

drop across the grid system will reduce the efficiency of the boiler system, requiring
additional fuel to be burned to achieve the same energy output. CO catalysts may also plug
or become deactivated with use. Therefore, it will be necessary to change-out the catalyst on
a routine basis. Changing the catalyst will generate a solid waste material that must be
properly handled.

Based on a maximum heat input of 134.1 mmBtu/hr, a controlled CO emission rate of 0.08
Ib/ mmBtu (based on low-NOx burners and FGR), and a maximum of 2,000 hour/year
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operation, the total annual CO emissions are estimated at 10.73 tons per year for the
auxiliary boiler. A CO catalyst system could reduce CO emissions from approximately 0.08
Ib/mmBtu to approximately 0.011 Ib/mmBtu (86% reduction). However, based on the
planned hours of operation and low estimated emissions with combustion control only, the
estimated cost of CO catalyst add-on control is estimated to be $21,618 per ton. This cost is
disproportionately high compared to the average cost effectiveness for CO control from a
natural gas fired boiler, and should preclude an Oxidation Catalyst as BACT for CO control.
A summary of the capital costs and annual O&M costs associated with CO control systems
is provided in Table 4. The capital cost estimate for an Oxidation Catalyst control system is
shown in Attachment 5.

TABLE 4
CO Control Technolegy Cost Effectiveness Evaluation- .
Control Total Installed Total Annualized Annual Emission Cost
Technology Capital Costs Costs Reduction Effectiveness
CO Oxidation $365,107 $199,967 ' 9.25 $21,618
~ Catalyst
Low NOy Burners Base Base
with FGR (Base '
Case)

Tons/Year emissions based on 134.1 mmBtu/hr boiler heat input x 2,000 hours of operation per year x CO
emission rate for each control technology.

Step 5~ Select BACT

The EPA NSR RBLC database for comparable sources related to CO and VOCs is shown in
Attachment 6, Tables 1-A and 2-A. The final step in the top-down BACT analysis process is
to select BACT. Based on the above analysis, good combustion practice (Low NOx Burners
with FGR) is chosen as the technology to control emissions of CO and VOCs with BACT
emission limits of 0.08 Ib/ mmBtu for CO and 0.0054 Ib/ mmBtu for VOCs for the auxiliary
boiler.

1.2.3.4 PM/PM;o Analysis

Step 1 —Identify All Control Technologies
Two control technologies for the auxiliary boiler have been identified for PM/PMo control:

¢ Use of clean burning low sulfur fuel (natural gas)
¢ Good Combustion Practice

Step 2 —Eliminate Technically Infeasible Options
Both of these options are technically feasible for use in limiting PM/ PMo emissions from
the auxiliary boiler at the Dry Fork Station.

Step 3 ~Rank Remaining Control Technologies by Control Effectiveness
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Based on the Step 2 analysis, good combustion practice and use of clean burning fuel are the
only technologies for this application.

Step 4 ~Evaluate Most Effective Controls and Document Results
No environmental or energy costs are associated with good combustion practice in an
auxiliary boiler.

Step 5 ~Select BACT

Based on the above analysis and review of the EPA NSR RBLC database (refer to
Attachment 6, Table 3-A), good combustion practice and use of clean burning fuel in an
auxiliary boiler are chosen as the technology to achieve a PM/ PMig emission rate of 0.0075
Ib/ mmBtu, is selected as BACT for this project. Good combustion control and use of natural
gas fuel are proposed as BACT represent accepted practice for such sources.

1.2.4 Inlet Gas Heater

1.2.4.1 SO; Analysis

Step 1 ~ Identify All Control Technologies

The first step is to evaluate SO controls determined to be BACT by permitting agencies
across the United States. This information is available from the EPA RACT/BACT/LAER
Clearinghouse (RBLC) database accessible on the Internet. The printout from the database
for SO, is shown in, Attachment 8 Table 5-B. A broad range of other information sources
were also reviewed in an effort to identify all potentially applicable emission control
technologies.

The potentlal SO; emission reduction options found in the RBLC and other sources that
could be applied to the Dry Fork Station inlet gas heater are:

e Use of clean burning low sulfur fuel (natural gas)
¢ Good Combustion Practice

Step 2 - Eliminate Technically Infeasible Options

Both of these options are technically feasible for use in reducing SO; emissions from the
inlet gas heater at the Dry Fork Station.

Step 3 — Rank Remaining Control Technologies by Control Effectiveness

Based on the Step 2 analysis, good combustion practice and use of clean burning fuel are the
only technologies for this application.

Step 4 - Evaluate Most Effective Controls and Document Results

No environmental or energy costs are associated with good combustion practice in an inlet
gas heater.
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Step 5 - Select BACT

The final step in the top-down BACT analysis process is to select BACT. EPA’s
RACT/BACT/LAER Clearinghouse (RBLC), a database of past technology decisions, and
recently approved PSD permits were again consulted to assist in selectmg BACT for this
project.

Based on the technology and clearinghouse database discussion above, good combustion
practice and use of clean burning fuel in an inlet gas heater are chosen as the technology to
control emissions of SO; with BACT emission limits of 0.0006 Ib/ mmBtu.

1.2.4.2 NOx Analysis

Step 1 - |dentify All Control Technologieé

The first step is to evaluate NOx controls determined to be BACT by permitting agencies
across the United States. This information is available from the EPA RACT/BACT/LAER
Clearinghouse (RBLC) database assessable on the Internet. The printout from the database
for NOx is shown in Attachment 8, Table 6-B. A broad range of other information sources

- were also reviewed in an effort to identify all potentially applicable emission control
technologies.

Potential NOy control technology options are:

¢ Low NOy Burners (LNB)
¢ Good combustion practice

Step 2 - Eliminate Techmcally infeasible Options

LNB and good combustion practice are listed in the RBLC for natural gas fired heaters, and
both are technically feasible control options.

Step 3 - Rank Remaining Control Technologies by Control Effectiveness

Emission rates for each of the technology combinations are required to rank them in order of
effectiveness. These emission rates are provided in Table 5. The control efficiencies are
those shown in the RBLC database (Attachment 8 Table 6-B). :

TABLE 5
NOx Control Technology Emission Rate Rankmg
Control Technology NO Emission Rate 2
LNB 0.04
Good Combustion Practice 0.10

® Pounds per million BTU as found in the RBLC database.
Estimated emission rates based on vendor data.
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Step 4 —- Evaluate Most Effective Controls and Document Results

LNB technology is being considered for this project, so its environmental, energy, and
economic impacts must be examined. No environmental costs and minimal energy costs are
associated with LNB.

The next conirol technology in the hierarchy is good combustion practice. No environmental
or energy costs are associated with good combustion practice for an inlet gas heater.

Economic Evaluation

Low NO burners offer the potential for the lowest controlled NO, emission rate from the
inlet gas heater. Based on a maximum heat input to the heater of 8.36 mmBtu/hour and
2,500 hours/year maximum operation, low NOx burners will reduce potential NOy
emissions from approximately 1.05 tpy (based on 0.1 Ib/mmBtu) to approximately 0.42 tpy
(based on 0.04 1b/mmBtu). However, low NO. burners will also increase the capital cost of
the gas heater by approximately $265,000. Based on information provided by heater
vendors, the cost of the gas heater will increase from approximately $210,000 to
approximately $475,000 with low NOx burners. Assuming no increase in annual O&M, the
total annual cost of the low NOx burner system will be approximately $29,150/ year (capital
recovery), which results in an incremental cost effectiveness of approximately $46,000/ ton.
This cost is disproportionately high when compared to the average cost of NOx conirol in a
process heater and should preclude low NOy burners from consideration as BACT.

Step 5 — Select BACT

The final step in the top-down BACT analysis process is to select BACT. EPA’s
RACT/BACT/LAER Clearinghouse (RBLC), a database of past technology decisions, was
again consulted to assist in selecting BACT for this project. BEPC is proposing good
combustion practices, a controlled NOx emission rate of 0.10 Ib/mmBtu, and 2,500 hours per
year maximum operation as BACT for inlet gas heater. Low NOx burners will significantly
increase the cost of the gas heater and reduce potential NO, emissions by less than
approximately 0.5 tpy, therefore, the incremental cost effectiveness of the LNB system
should preclude it from consideration as BACT.

1.2.4.3 CO and VOC Analysis

Step1 - Idéntify All Controf Technologies
Two potentially feasible control technologies have been identified for control of CO and
VoG

o Catalytic oxidation
* Good combustion practice

Catalytic oxidation is a post-combustion control device that would be applied to the
combustion system exhaust, while good combustion practices are part of the combustion

system design.
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Step 2 - Eliminate Technically infeasible Options

Implementation of good combustion controls is a technically feasible control strategy.
Implementation of add-on controls, such as catalytic oxidation, have been used to reduce
CO/VOC emissions from natural-gas fired boilers and combustion turbines, however, post-
combustion controls have not been identified as BACT for small natural gas-fired process
heaters.

A catalytic oxidation system typically consists of a passive reactor fitted with a honeycomb
grid of metal panels and coated with a precious metal catalyst (usually platinum, palladium
or rhodium). The catalyst promotes the oxidation of CO and VOCs to CO, and water at
temperatures lower than would be necessary for oxidation without a catalyst.

The inlet gas heater is an indirect natural-gas fired process heater, therefore, combustion
gases do not mix with or exhaust to the atmosphere with any gases emanating from the
process. The fire tube within the heater transfers heat released by the natural-gas burners to
a media, typically oil, which in turn transfers heat to the process gas (fuel gas) through the
process coils submerged in the media. Based on information from heater vendors, indirect
process heater exhaust temperatures do not fall within the temperature window needed to
support a CO catalyst control system. Based on a review of the RBLC database, and
inquiries of heater vendors, it is concluded that a catalytic oxidation system is not
commercially available for the inlet gas heater.

Step 3 — Rank Remaining Control Technologies by Control Effectiveness

Emission rates for the technically feasible CO/VOC control technologies are summanzed in
Table 6. The controlled emission rates summarized in Table 5 are based on information:
included in the RBLC database (Attachment 8, Tables 1-B and 2-B), information from
equipment vendors, and AP-42 emission factors.

TABLE 6
CQ /VOC Confrof Technology Emission Rate Ranking
Control Technology Projected Controlled CO Projected Controlled VOC
Permit Limit? Permit Limit?
Combustion Control 0.08 0.0054 |

2 Pounds per million Btu based on AP-42 emission factors for natural gas combustion (Table 1.4-1)
and information available from boiler vendors
® Pounds per million Bfu based on AP-42 emission factors for natural gas combustion (Table 1.4-2)

Step 4 — Evaluate Most Effective Controls and Document Resuits

Implementation of proper burner design to achieve good combustion efficiency in heaters
and boilers will minimize the generation of CO. Good combustion efficiency relies on both

hardware design and operating procedures. Satisfactory burner design provides praper
residence time, temperature and combustion zone turbulence, with in combination with
proper control of air-to fuel ratio, are essential elements of a low-CO technology.

Attachment 4 D EQ/AQD 000757 Page 13



Basin Electric Power Cooperative
Dry Fork Unit 1 Permit Application
Auxiliary Equipment BACT Analysis

Combustion modifications designed to control CO/VOC emissions could result in higher
NOx emissions. However, proper burner design and operation should limit CO and VOC
emissions while controlling the average NOx emission rate. Other than the CO/VOC ~ NOx
trade-off, there are no other environmental issues related to combustion controls.

Step 5 - Select BACT

The EPA NSR RBLC database for comparable sources related to CO and VOCs is shown in
Attachment 8 Tables 1-B and 2-B. The final step in the top-down BACT analysis process is
to select BACT. Based on the above analysis, good combustion practice for an inlet heater is
chosen as the technology to control emissions of CO and VOCs with BACT emission limits
of 0.08 Ib/ mmBtu for CO and 0.0054 Ib/ mmBtu for VOCs.

1.2.4.4 PM/PM1 Analysis

Step 1 -Identify All Control Technologies , '
Two control technologies for the auxiliary boiler and inlet gas heater have been identified

for PM/PMjyo control:

e Use of clean burning low sulfur fuel (natural gas)
¢ Good Combustion Practice

Step 2 ~Eliminate Technically Infeasible Options
Both of these options are technically feasible for use in limiting PM/ PMm emissions from
the inlet gas heater at the Dry Fork Station.

Step 3 ~Rank Remaining Control Technologies by Control Effectiveness
Based on the Step 2 analysis, good combustion practice and use of clean burning fue] are the
only technologies for this application.

Step 4 -Evaluate Most Effective Controls and Document Results
No environmental or energy costs are associated with good combustion practice in an inlet

gas heater.

Step 5 —Select BACT

Based on the above analysis and review of the EPA NSR RBLC database (refer to
Attachment 8 Table 3-B), good combustion practice and use of clean burning fuel in an inlet
gas heater are chosen as the technology to achieve a PM/ PMyo emission rate of 0.0075
Ib/mmBtu, is selected as BACT for this project. Good combustion conirol and use of natural
gas fuel are proposed as BACT represent accepted practice for such sources.

Attachment 4 DEQ/AQD 000758 : Page 14



DEQ/AQD 000759



Attachment 5

Basin Electric Power Cooperative

Dry Fork Station

Auxiliary Equipment BACT Cost Analysis

Revision 03/07/2006

Analysis Workbook sheets include:

Equipment Pollutant Control System

Unit 1 Auxiliary Boiler NOx Low NOx Burner and Combustion Control System
Unit 1 Auxiliary Boiler NOx Flue Gas Recirculation System

Unit 1 Auxiliary Boiler NOx Selective Catalytic Reduction

Unit 1 Auxiliary Boiler co Oxidation Catalyst
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Dry Fork Unit 1 Auxiliary Boiler
Low NOx Buraer and Combustion Control System
Cost Estimate

Capital Cost Factors
DIRECT COSTS Cast Factors

(1) Purchased Equipment
(a) Basic Equipment and auxiliaries

By QDO OET Bt

Capital Cost of Low NOx Burner & Combustion Control System ) = $ 147,000
Capital Cost of Spare Catalyst {Spare Catalyst not included) na
Total Capitel Cost = s 147,000
(b) Instruments and controls [0.1 * (2)] " (included in Purchased Equipment Costs)
{c) Taxes [0.07(=)] 0.07 * @) = $ . 10,290
Total Equipment Cost (TEC) = s 157,290
{2) Construction Costs
(a) Foundations and supports (Included in Totzl Construction Costs)
(b) Handling and Erection (Included in Total Construction Costs)
(c) Electrical {Included in Total Construction Costs)
(d) Piping (included in Total Construction Costs)
(¢) Insulation (included in Total Construction Costs)
(f) Painting (included in Total Construction Costs)
. Tota! Construction Costs {TCC) = $ 20,000
TOTAL DIRECT COSTS (TDC) (TEC) - (TCC) = $ 177,290
INDIRECT COSTS
(3) Engineering and supervision (Included in Total Indirect Costs)
(4) Construction and field expenses {Included in Total Indirect Costs)
(5) Construction fee {Included in Total Indirect Costs})
. (6) Start-up {Included in Total Indirect Costs)
\ (7) Performance test (iIncluded in Total Indirect Costs)
I
./ ‘TOTAL INDIRECT COSTS (TIC) = $ 20,000
. TOTAL DIRECT AND INDIRECT COSTS (TDIC) (TDC) K2 (TIC) = H 197,290
" (8) Contingency (Included in Total Indirect Costs)
TOTAL INSTALLED CAPITAL COSTS (TICC) = $ 197,290
Dry Fork Station Unit 1 March 2006



DIRECT COSTS

Fixed OZM Costs

(1) Operating Labor
(2) Supervisory Labor
(3) Maintenance Labor
(4) Parts and Materials

Dry Fork Unit 1 Auxiliary Boiler
Loew NOx Burner and Combustion Control System
Cost Estimate (continued)

Annualized Cost Factors

Cost Factors

(Included in Total Fixed O&M Costs)
(Included in Total Fixed O&M Costs)
(Included in Total Fixed O&M Costs)
(Included in Totat Fixed O&M Costs)

Total Fixed O&M Costs = $
Varigble 0&M Costs

(5) Ammonia Reagent Cost; = na
(6) Catalyst Replacement Cost: = na
(7 Auxiliary Power Cost: = $
Total Variable O&M Costs . L3
TOTAL DIRECT COSTS (TDAC) = s
INDIRECT COSTS

{8) Overhead ’ 60% of Fixed O&M Costs = $
(9) Property Tax 1% of (TICC) = s
(10) Insurance 1% of (TICC) = 8
(11) GEA Charges 2% of (TICC) = s
(12) Capital Recovery 0.110 * (TICC) = $
TOTAL INDIRECT COSTS (TIAC) = 3
TOTAL ANNUALIZED COSTS TDAC+ TIAC = $
TOTAL TONS REMOVED PER YEAR (NO,) 15.56 tons with Base Case Burner System - 7,24 tons with Low NOx =

COST EFFECTIVENESS (S per ton of poliutant removed) : = s

1,973
1073
3,946
21,661
29,553
29,553
832

3,552

Notes:

1) Cost factors - from OAQFS Cor;trol Cost Manual, Chapter 3

2) Capital Recovery Factor for Systern - Based on a 15-year equipment life and 7% interest rate.

3) Rentech and Nebraska Boiler provided Low NOx Bumer and Combustion Control System purchased equipment cost.

4) Cost effectivensss, § per ton of NOx removed, based on Low NOx Bumer only. Does not include removal by Base Case Bumer System

Dry Fork Station Unit 1

ren B B OO T B

March 2006



Dry Fork Unit 1 Auxiliary Boiler

\, Flue Gas Recirculation (FGR) System
! Cost Estimate
Capital Cost Factors
DIRECT COSTS Cost Factors
(1) Purchased Equipment
() Basic Equipment and auxiliaries
Capital Cost of FGR System = s 50,000
Capital Cost of Spare Catalyst (Spare Catalyst not included) na
Total Capital Cost = s 50,000
(b) Instruments and controls [0.1 * (a)] (included in Purchased Equipment Costs)
(¢) Taxes [0.07(a)} 0.07 * (@) = s 3,500
Total Equipment Cost (TEC) = $ 53,500
(2) Construction Costs N _
(a) Foundations and supports . (Included in Total Construction Costs)
(b) Handling and Erection (Included in Total Construction Costs)
(¢) Electrical {Included in Total Construction Costs)
(d) Piping (Included in Total Construction Costs)
(¢) Insulation {Included in Total Construction Costs)
(f) Painting (Included in Total Construction Costs)
Total Constmetion Costs (TCC) = s .20,000
TOTAL DIRECT COSTS (TPC) (TEC) + (TCC) = $ 73,500
INDIRECT COSTS
(3) Engineering and supervision (included in Total Indirect Costs)
(4) Construction and field expenses (incloded in Total Indirect Costs)
(5) Construction fee (included in Total Indirect Costs)
- (6) Start-up (Inciuded in Total Indirect Costs)
AN (7) Performance test (Tncleded in Total Indirect Costs)
)
. TOTAL INDIRECT COSTS (TIC) = $ 20,000
TOTAL DIRECT AND INDIRECT COSTS (TDIC) (IDC) + (TIC) = $ 93,500
(8) Contingency (Included in Totel Indirect Costs)
TOTAL INSTALLED CAPITAL COSTS (TICC) = 3 93,500
g
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DIRECT COSTS

Fixed O&M Costs

(1) Operating Labor
(2) Supervisory Labor
(3) Maintenance Labor
(4) Parts and Materials

Dry Fork Unit 1 Auxiliary Beiler
Flue Gas Recirculation (FGR) System
Cost Estimate (continued)

Annualized Cost Factors

Cost Factors

(Imcluded in Total Fixed Q&M Costs)
{Included in Total Fixed O&M Costs)
(Included in Total Fixed O&M Costs)
(Included in Total Fixed O&M Costs)

M D QARDOBOT B

Total Fixed O&M Costs = $ -
Variable O&M Costs
(5) Ammonia Resgent Cost: = na
(6) Catalyst Repiacement Cost: = na
(7) Auxiliary Power Cost: = s 1,000
Tota{ Variable O&M Costs s 1,000
TOTAL DIRECT COSTS (TDAC) = s 1,000
INDIRECT COSTS
(®) Overhead 50% of Fixed O&M Caosts = $ -
(9) Property Tax 1% of (TICC) = s 935
(10) Insusance 1% of (TICC) = s 935
(11) G&A Charges 2% of (TICO) = $ 1,870
(12) Capital Recovery 0.110 * (TICC) = s 10,266
TOTAL INDIRECT COSTS (TIAC) = s 14,006

S ) TOTAL ANNUALIZED COSTS TDAC+ TIAC = $ 15,006

TOTAL TONS REMOVED PER YEAR (NO,) 7.24 tons with Low Nox Burners - 5.36 tons with FGR = 1.88
COST EFFECTIVENESS (S per ton of pallutant removed) = $ 7,982
Notes:
1) Cost factors - from OAQPS Control Cost Manual, Chapter 3
2) Capital Recovery Factor tor System - Based on a 15-year equipment life and 7% interest rate.
3) Rentech and Nebraska Boller provided Flue Gas Recirculation (FGR) purchased equipment cost.
4) Cost effectiveness, 3 per ton of NOx removed, based on FGR System only. Does not include removal by Low-NOx Burner System.
S
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Dry Fork Unit 1 Auxiliary Boiler

.
\ Selective Catalytic Reduction
. / Cost Estimate
Capital Cost Factors
DIRECT COSTS Cost Factors
(1) Purchased Equipment
(a) Basic Eqnipment and auxiliaries
Capital Cost of SCR System = 550,000
Capital Cost of Spare Catalyst (Spare Catalyst not included)
Total Capital Cost = 550,000
(b) Instruments and controls [0.1 * (2)] (Included in Purchased Equip Caosts) .
(c) Taxes [0.07(a)} 0.07 . () = 38,500
Total Equipment Cost (TEC) = - 588,500
(2) Construction Costs
(a) Foundations and supports (Included in Total Construction Costs)
(b) Handling and Erection {Included in Total Construction Costs)
(c) Electrical (Included in Tota! Construction Costs)
(d) Piping (Included in Total Construction Costs)
(&) Insulation (Included in Total C ion Costs)
() Painting {Included in Total Construction Costs)
Total Construction Costs (TCC) = 50,000
TOTAL DIRECT COSTS (TDC) (TEC) + (TCC) = 638,500
INDIRECT COSTS
(3) Engineering and supervision {(included in Total Indirect Costs)
(4) Construction and field expenses (Included in Total Indirect Costs)
(5) Construction fee (Included ir: Total Indirect Costs) -
— (6) Start-up (Included i Total Indirect Costs)

\\ (7) Performance test (Included in Total Indirect Cost<)

_,-/ TOTAL INDIRECT COSTS (TIC) = 50,000
TOTAL DIRECT AND INDIRECT COSTS (TPIC) (TDC) + (TIC) = 688,500
® Contingenc& (included in Total Indirect Costs)

TOTAL INSTALLED CAPITAL COSTS (TICC) = 688,500

v
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DIRECT COSTS

Fixed O%M Costs

(1) Operating Labor
(2) Supervisory Labor
{3) Meintenance Labor
(4) Parts and Materials

Dry Fork Unit 1 Auxiliary Boiler
Selective Catalytic Reduction
Cost Estimate (continued)

Amnnualized Cost Factars

Cost Factors

(Included in Total Fixed O&M Costs)
(Inciuded in Total Fixed O&M Costs)

. (Included in Total Fixed O&M Costs)

(Included in Total Fixed Q&M Costs)

Total Fixed O&M Costs = $ 20,000
Variable O&M Costs
(5) Ammonia Reagent Cost: = % 15,000
(6) Catalyst Replacement Cost: = $ 125,000
(7) Auxiliary Power Cost: = $ 2,000
Total Veriable O8M Costs 8 142,000
TOTAL DIRECT COSTS {TDAC) = H 162,000
INDIRECT COSTS
(8) Overhead 60% of Fixed O&M Costs = $ 12,600
(9)' Property Tax 1% of (TICC) = $ 6,885
(10) Insurance 1% of (TICO) = $ 6,885 .
(11) G&A Charges 2% of (TICC) = $ 13,770
(TICC - Catalyst ,

(12) Capital Recovery 0,110 * Cost) - 5 61,869

™~ TOTAL INDIRECT COSTS (TIAC) = 3 101,409

1

'..’ TOTAL ANNUALIZED COSTS TDAC + TIAC = $ 263,409
TOTAL TONS REMOVED PER YEAR (NO,) 5.36 tons with FGR - 1.61 tons with SCR = 3.75
COST EFFECTIVENESS (S per ton of pollutant removed) = s 70,242
Notes:
1) Cost factors - from OAQPS Control Cost Manual, Chapter 3
2) Capital Recovery Factor for System - Based on a 15-year equipment life and 7% interest rate, base cost excludes cost of catalyst
because equipment life will be less than 15 years. Catalyst replacement included as an operating and maintenance cost,
3) EPIC provided SCR purchased equipment cost.
4) Cost effectiveness, $ per ton of NOx removed, based on SCR only. Does not inciude removal by Low NOx burners and FGR,

Dy Fork Station Unit | Aachnf} = @B Q) BHOTRS Braiysis March 2006



DIRECT COSTS

(1) Purchased Equipment

(a) Basic Equipment and awxiliaries

Dry Fork Unit 1 Auxiliary Boiler
CO Oxidation Catalyst
Cost Estimate

Capital Cost Factors

Cost Factors

~,

Dry Fork Station Unit 1

oY D OB TP

Capital Cost of Oxidation Catalyst = 1541.8 x (exhaust flow in Ib/sec)+ 102370 = 159,077
Capital Cost of Catalyst Housing = 0.3 x Capital Cost of Catalyst = 47,723
Total Capital Cost = 206,801
(b) Instruments and controls [0.1 * (a)] (Included in Purchased Equipment Costs)
{c) Taxes [0.07()] 0.07 * @) = 14,476
Total Equipment Cost {TEC) = 221,277
(2) Construction Costs ‘
(a) Foundations and supports (Included jn Total Construction Costs)
(b) Handling and Erection (Included in Total Construction Costs)
{c) Electrical (Included in Total Construction Costs)
(d) Piping {included in Total Construction Costs)
(¢) Insulation (Inciuded in Total Construction Costs)
(f) Painting (Inciuded in Total Construction Costs)
Total Constrction Costs (TCC) 0.25x TEC = 55,319
TOTAL DIRECT COSTS (TDC) (TEC) + (TCC) = 276,596
INDIRECT COSTS
(3) Engincering and supsrvision (Included in Total Indirect Costs)
(4) Construction and field expenses (Included in Total Indirect Costs)
(5) Construction fee. (Included in Total Indirect Costs)
(6) Start-up - ‘ {Included in Total Indirect Costs)
\ (7) Performance test (included in Total Indirect Costs)
/ TOTAL INDIRECT COSTS (TIC) 025xTEC = 55,319
TOTAL DIRECT AND INDIRECT COSTS (TDIC) (@G, + (TIC) = 331,915
(8) Contingency 0.1x TDIC = 33,192
TOTAL INSTALLED CAPITAL COSTS (TICC) = 365,107
;
s
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DIRECT COSTS

Fixed O&M Costs

(1) Operating Labor
(2) Supervisory Labor
(3) Meaintenance Labor
{4) Paits and Materials

Dry Fork Unit 1 Auxiliary Boiler
CO Oxidation Catalyst
Cost Estimate (continued)

Annualized Cost Factors

Cost Factors

(included in Total Fixed O&M Costs)
(Included in Total Fixed O&M Costs)
(included in Total Fixed O&%M Costs)
(included in Total Fixed O&M Costs)

Dry Fork Station Unit 1

pr ) QGO T BE s

‘Total Fixed O&M Costs = $ 20,000

Variable O&M Costs

(5) Catalyst Replacement Cost: = $ 125,000

(6) Auxiliaty Power Cost: = $ 2,000

Total Variable O&M Costs - 127,000

TOTAL DIRECT COSTS (TDAC) = 3 147,000

INDIRECT COSTS

(8) Overhead 60% of Fixed O&M Costs = $ 12,000

(9) Property Tax 1% of (TICC) = $ 3,651

(10) Insurance 1% of (TICC) = s 3,651

(11) G&A Charges 2% of (TICC) = $ 7,302

(TICC - Catalyst

(12) Copital Recovery 0110 * Cost) = $ 26,362

TOTAL INDIRECT COSTS (TIAC) = s 52,967
\J TOTAL ANNUALIZED COSTS TDAC+ TIAC = 8 199,967

TOTAL TONS REMOVED PER YEAR (CO) 10.73 tons with LNB & FGR - 1.48 tons Oxidation Catalyst = 925

COST EFFECTIVENESS (S per ton of poilutant removed) = s 21,618

Notes:

1) Cost factors - from OAQPS Control Cast Manual, Chapter 3

2) Capital Recovery Factar for System - Based on a 15-year equipment life and 7% interest rate, base cost excludes cost of catalyst

because equipment life will be less than 15 years. Catalyst replacement included as an operating and maintenance cost.

3) Purchased Equipment Cost based on ICCR Combustion Work Group Oxidation Catalyst Cost Effectivenass documents.

4) Cost effectivenass, $ par ton of CO removed, based on Oxidation Catalyst enly. Does not include removal by Low NOx burners and FGR.
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TABLE 1A . ; ;
NSRRACTb.... . .<AER Clearinghouse Database e N
BACT-PSD Sources foj co
Naiural Gas Fired Boilirs 100 MMB <250MMBI)
| Control Averaging Permit Date and
RBLC D Company Name and Location # of Units Unitand Size Control Technology Efficiancy Emission Limit Period Pe
Heartland Com Products Boller loMMBtu 12/22/05
MN-0062 |y osoth 2 198.00 MMBtwhr for both None NA 0.04 14300014-005
LOW-NOX BURNERS
FORSYTH ENERGY PROJECTS, LLG GOOD COMBUSTION GONTROL
[ncot01 |FOreYTH ENERGY PLANT 1 LAY SOILER AND CLEAN BURNING ig.gggg o 3-hour 0012012005
North Carolina - LOWSULFUR FUEL (NATURAL - 0886R1
GAS).
CprEIO G S T e
MILLER BREWING COMPANY - BOILER (2), NATURAL GAS 05127/2004
OH-0241 1§FNTO‘F“ 2 238.00 MMBHWhr ‘276:230 :g}/b:;ghmbuner 12-Month Roling |, 4.05515
LONGVIEW POWER, LLG GOOD COMBUSTION
AUXILIARY BOILER . 0ar0212004
W\-0023 |MAIDSVILLE 1 PRAGTICES, USE OF NATURAL Io.n4 I/MMBL 3-Hour Rolling
West \ﬁrg'_ini a 225.00 MMBTuhr GAS ' R14-0024
D YIS SONSIN GRAIN BOILER JOXIDIZER ( DRYER / PROCESS IS THE CONTROL FOR
wiozoa |1 RO R ADE ETHANOL pLant |1 DISTILLATION) OTHER SOURCES LISTED IN nrv ol L 08/14/2003
Wisconoin 140.00 MMBtu PROCESS ENTRY, : TbMMBtu 03-DCF-048
\aozro |UNVERSITY s BOILER NATUAL GAS GOOD COMBUSTION 0.1000 Ib/MMBiu each oara1/200
VCU EAST PLANT 150,60 MMBHu Esich PRAGTICES. 149000  |bhreach VA 50126
ROCKY MOUNTAIN ENERGY GENTER,
LG NATURAL GAS FIRED BOILER
C0-0052 |ROCKY MOUNTAIN ENERGY CENTER, |1 {AUKILIARY BOILER) GOOD COMBUSTION GONTROL 0.039 bIMMB1u oo/ 112002
LLC. 129.00 MMBlwhr ' R2WE0228
CVOIDIHdo\J EAY SR IALIALAA
TCCT WIS TRYCY,
TN-0153 \L:\'hifi:\ms REFINING & MARKETING, |1 BOILER, NO. 10 0.18 {bIMMB 10108 AND
Wi s 180.00 MMBtu/hr - u 1010-
LLC. 05PCR
UIBERTY, GENERATING STATION 1060000 |PRMVD @7T% 02 .
Ins-0043 |LIBERTY, GENERATING STATION 1 Q&Xéﬂﬁgaﬂm CO CATALYST 80% 17.4000 b g%’fg’gggg ’
New Jersay . 0.0870 Ib/MMBlu
CALPINE CONSTRUGTION FINANCE CO.
xoms [P . AUXILIARY BOILER 13.9 b 32672002
AMELLA|ENERGY CENTER - {155 MMBtuhr 0.08 IMMBt N-037
Texas
AES RED OAKLLG : 005 TEMMBI
NJ.0036 |AES RED 0AKLLG 1 AUXILIARY BOILER 00D COMBUSTION PRACTICE 6.00 bhr 1012412001
120.00 MVBlu/hr 10001
New Jersey 10.8 tpy
NUGOR YAMATO STEEL T6710/2001
AR-0055 |NUCOR YAMATO STEEL (ARMOREL) |1 REHEAT FURNACE GLEAN FUEL 0.0824 IbIMMBlu |s83-a0p-R1(47-
UCOR ¢ 225.00 MMBhwhr
Arkansas 0202)
TENASKA ARKANSAS PARTNERS, LP ' 10/9/2001
AR-0057 |TENASKA ARKANSAS PARTNERS,LP |2 BOILER. NATURAL GAS, (2) GOOD COMBUSTION Jo.11 (bIMMBtu 1959-AOP-R0 {43-
122 MMBluhr PRACTICES.
Arkansas 00202)
PSEG L AWRENCEBURG ENERGY
FACILI
4 AUXILIARY BOILER, NATURAL GAS  |GOOD COMBUSTION. NATURAL 0.082 1bIMMBIu ar71001
IN-0085 Eﬁgﬁ[ WRENCEBURG ENERGY 1 124.6 MMBtu/hr GAS ONLY 10.28 tbrhr 029-12617-00033
Indiana
Notes:

NSR RACT/BACT/LAER Clearinghouse database (htip://iwww.epa.govittn/catc) was queried for the following:
« Permit date on or after January 1, 2001
*Process Type Coda: 12,310 - Natural Gas industrial-Size Boller/Fumaces

Altachment_8_Auxlliary_ Boiler_RBLC_Tables 02-09-06.xls 1of{ BEPC Dry Fork Station
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TABLE Z:A. , _ . ; . ;
NSRRACTI., __.-AER Clearinghouse Database N N
BACT-PSD Sources fof VOC -
Natural Gas Fired Boilers (>100 MMBfu, <250MMBtu) 1
TR 1 Control Emission Limit Averaging Permit Date and Perm
RBLC 1D Company Name and Location # of Units |Unit and Size Control()Tecl:Jno;on:s Peri
TOW-NOX BURNE arled N
FORSYTH ENERGY PROJECTS, LLG
' AUXILLIARY BOILER GOOD COMBUSTION CONTROL AND 09/20/2005
NC-0101 |FORSYTH ENERGY PLANT 1 110.20 MMBwhr CLEAN BURNING 059 oihr S-hour 009BGR1
i LOWSULFUR FUEL (NATURAL GAS).
WMILLER BREWING COMPANY ‘
oH.0241 |MILLER BREWING COMPANY - ) BOILER (2), NATURAL GAS 26000  |ib/he 05127/2004
TRENTON 238,00 MMBlufhr 115000 |ty 12-Month Rolling{ 14-05515
Ohlo ) :
LONGVIEW POWER, LLG
- ' AUXILIARY BOLER GOOD COMBUSTION PRAGTICES 03/02/2004
WV-0023 mgaﬁ'ﬁhg _ 1 225,00 MMBTuhw AND USE OF NATURAL GAS 00054 lIb/MMBlu 3HourRolling | p14 0024
UNITED WISCONSIN GRAIN BOILER /OXIDIZER ( DRYER / PROCESS IS THE CONTROL FOR fb/he
PRODUGERS 67000 . |LB/T DDGSAT] 0811412003
WI-0204 1 DISTILLATION) OTHER SOURCES LISTED IN
WGP - FUEL GRADE ETHANOL pyhiineiivg O s s 036850  |11% 03.DCF-048
PLANT : : : MOISTURE '
VIRGINIA COMMONWEALTH -
UNIVERSITY . BOILER NATUAL GAS 03/31/2003
vaozro |(RVERSITY ot a oA ATUAL O GOOD COMBUSTION PRACTICES. 2.1 ofhr Tati200
Virglnia
LIBERTY| GENERATING STATION PEWVD @ 7%
[NJ-0043 {LIBERTY|GENERATING STATION |1 PUXILIARY BOILER CO CATALYST 80% 500000 1) 03/28/2002
, . 1.6000 BOPS900D1
New .Jersey Ib/hr
CALPINE CONSTRUGTION FINANGE
co.LP , AUXILIARY BOILER 3/26/2002
TX-0388 | AMELLA[ENERGY CENTER 1 166 MMBtu/hr 31 I/ N-037
Texas
AES RED OAKLLC
AUXILIARY BOILER 0.48 tbihr 1072412001
'NJ-0036 |AES RED OAKLLC 1 AN GOOD COMBUSTION PRAGTICES 0204 oy o
New Jersey
NUCOR YAMATO STEEL
REHEAT FURNACE 101072001
AR-0055 }b:;]((a)r(‘)sl: !AMATO STEEL (ARMOREL) |1 a8 MBI CLEAN FUEL 00054 {Ib/MMBI BBLAOP.R1(47-0202)
TENASKA ARKANSAS PARTNERS, LP T6/972001
AR-0057 TENAS@ARKANSAS PARTNERS, LP |2 BOILER, NATURAL GAS, (2) GOOD COMBUSTION PRACTICES. 0.004 b/MMBt 1958-A0P-RO (43-
122 MMBUWhe
Arkansas, . 00202)
PSEG LAWRENCESURG ENERGY
FACILIT ‘
AUXILIARY BOILER, NATURAL GAS GOOD COMBUSTION. NATURAL GAS 0.0054  |Ib/MMBtu 67712001
IN-0085 .‘?25.‘{:‘_.%’ WRENCEBURG ENERGY |1 Aypraiii _ ONLY 0672 |l 020-12517-00033
Indlana
PROCTOR & GAMBLE
MANUFACTURING COMPANY UTILITY BOILER #2 (NAT GAS) 4.4 thr 3/5/2001
TN-00BS |PROCTOR & GAMBLE 1 bl e 0 tpy 9252989
MANUFACTURING COMPANY
Tennesse
PROCTOR & GAMBLE
MANUFACTURING COMPANY UTILITY BOILER #50-1 (NAT GAS) 5.4 Ibihr 3/512001
TN-0088 [PROCTOR & GAMBLE 1 295 MMBtwhr 2.0 tpy 92529639
MANUFACTURING COMPANY
Tennesse
Notes:
Attachment_8_Auxiligry_ Boiler_RBLC_Tables_02-09-06.xls 1of 1 BEPC Dry Fork Station
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TABLE 3A
NSR RACT/BACT/LAER Clearinghouse Dalabase
BACT-PSD Sources for PM
Nalural Gas Fired Bojlers (>100 MMBIy, <250MMBHu)
Control " : Permit Date and
RBLC ID Company Nams and Location #of Units Unit and Size Control Technalogy Efficlency Emission Limit Avaraging Period Pormit No.
LONGVIEW POWER, LLG l
* AUXILIARY BOILER GOOD COMBUSTION PRACTICES : . 03/0212004
[v-oozs (A ::;';E 1 225.00 MMBTuhr AND THE USE OF CLEAN FUELS fosoz2 tb/MMBtu S-HourRolling  |o14-0024
UNITED WISCONSIN GRAIN PRODUGERS BOILER /OXIDIZER ( DRYER /|PROCESS IS THE GONTROL FOR 5.5000 ‘L”g‘;r DDES AT 0871412008
Wi-0204 |UWGP } FUEL GRADE ETHANOL PLANT 1 DISTILLATION) OTHER SOURCES LISTED IN 0.3000 e OSTURE e
Wiscanson 140.00 MMBtu PROCESS ENTRY. 00400 A
h 0270 [ i COMMINWEALTH UNVERSITY {BOILER NATUAL GAS {0.0080 l_lbIMMBtu each {0ar31/2003
Nt 150.60 MMBtu Each 12000 by each VA-50126
L0045 LiRERTY ggzigﬂ::g gﬂ:g: . AUXILIARY BOILER 00080 IhMMBtu 0312872002
| ) 200.00 MMBuhr 15000 tbhr BOP9S0001
New Jersey
'AES RED GAKLLG 00066 HNMBW
*NJ-0036 |AES RED OAKLLC 1 :‘;’(ﬂﬁ)“:ﬂ’}}'aﬂ'f“ GOOD COMBUSTION PRACTICES 0.792 - :m/zom
New Jerse! ) ) 1.426 toy
BRIDGESTONE FIRESTONE
[nc-oo7s |BRIDGESTONE FIRESTONE 2 |BOILERS, (2) 0.24 Ib/MMBiu 612812001
e 121 MMBtwhr 1660R39
. orth Carolina
PSEG IAWRENGEBURG ENERGY FACILITY AUXILIARY BOILER,
Immes PSEG IAWRENCEBURG ENERGY FAGILITY |1 NATURAL GAS GOOD COMBUSTION g'gg; :g’/m“"a'“ gggfgg" 00033
Indiana . 124.6 MMBiu/hr . | -
Notes:
Attachment_&_Auxiliary,_ Boiler_RBLC_Tables 02-08-06.xis 10f1 BEPC Dry Fork Station
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TABLE #A
NSR RACT/BACTALAER Clearinghousa Database
BACT-PSD Sources foPMyg
Nalural Gas Fired Boilefs {>100 MMBIu, <250MMBIL)
Contro! Parmit Date and
Looatl Emission Limit
RBLC ID jompany Name and # of Units Unit and Size Contral Teohnology Efflolsnoy ssfon Lim Averaging Perlod Parmit No.
' rwmﬂ"\:hu
_ FORSYTH ENERGY PROJECTS, LLG AUXILLIARY BOILER GOOD COMBUSTION GONTROL 08200 e S hour 5512012005
INC-0101 |FORSYTI! ENERGY PLANT 1 Ty o AND CLEAN BURNING i Bl
Noith Carbline - LOWSULFUR FUEL (NATURAL - u 00988R 1
WS008 |5UrONT L e EROIS 4 BOILER #3 USE OF NATURAL GAS 1750 i 06/08/2004
Mississippl 231,00 MMBtu/hr CONSIDERED BACT: 0‘0076 1020-00115
MS-0009 | GURONTDELISLE FAGITY : BOILER 4 USE OF NATURAL GAS i 06082004
Mississlppi 231.00 MMBtuhr CONSIDERED BACT. 0’0073 1020-00115
E.1. DUPONT DE NEMOURS :
[us.ci6s |EuronTioe s FaOLRS ] BOILER (RENTALTEMPORARY)  |USE OF NATURAL GAS Lo 0610812004
Misslsslod] . 231.00 MMBUWhr (CONSIDERED BACT. fpdesd 1020.00145
MILLER HREWING COMPAN 0.0200
OM-0241 |MILLER HREWING COMPANY - TRENTON |2 BOILER (2), NATURAL GAS BAGHOUSE 122.9000 12.Month Roliing 05272004
o 238,00 MMBtu MSE e 1405515
w0025 [ e OWER. LLC ' AUXILIARY BOILER "|coon comsusTion PracTICES 00022 & Hour Rollin 0310212004
Wost Vi 225.00 MMBTWhr AND THE USE OF CLEAN FUELS : o R14.0024
VIRGINIAICOMMONWEALTH UNIVERSITY
y ! BOILER NATUAL GAS 0.0100 Ib/MMBtu sach 031312003
VA-0270 mﬁ:\sl PLANT 3 B AL S GOOD COMBUSTION PRAGTICES. ppdned A Gz
i
WILLIAMS REFINING & MARKETING, LLC. BOILER. NO. 10 _ 040302002
TN-0153 |WILLIAMS REFINING & MARKETING, LLC.  [1 e 0.0075 Tb/MMBty 0101-08PC AND 1010)
Tennesse) . . 05PCR
TIBERTY GENERATING STATION
y AUXILIARY BOILER 0.0080 Ib/MMBty 0372612002
MO0 oy o ATING STATION ! 200,00 MMM 16000 o BOPS90001
CALPINEICONSTRUCTION FINANCE CO. LP
AUXILIARY BOILER 3.23 torhr aner2002
TX.0388 mﬁtm NERGY CENTER 155 MBI 0.02 Ib/MMBL N.O37
NUCOR YAMATO STEEL
REHEAT FURNACE 1011012001
AR-0055 gxgrc))sts AMATO STEEL (ARMOREL) 1 B GLEAN FUEL 0.0168 iB/MMEtY 0BO-AOP-RI(47-0202
TENASKA ARKANSAS PARTNERS, LP /972001
AR-0057 |TENASKA ARKANSAS PARTNERS, LP 2 fg‘:ﬁme’UML GAS,(2) GOOD COMBUSTION PRACTICES. 0,005 (B/MMBty 1850-A0P-RO {43-
Arkansas 00202)
Notes:
NSR RACT/BACT/LAER Clearinghouse database (htip:/Awww.epa.gov/itn/catc) was queried for the following:

« Permit date on or st%er January 1, 2004

*» Process Type Gode,

Attachment_8_Auxliary,_ Boiler_RBLC_Tables_02-09-06.xis

12,310 - Natural Gas Industrial-Size Boiler/Fumaces
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TABLES-4
NSR RACTIEACTILAERécleaﬁngh puse Database
BACT-PSD Sources for S0,
Natural Gas Firod Bollerd (5100 MiBiy, <250MMBfu)
RBLCID Com Na Loaaf! U, N Cantrol Emis: Limil Permit Dats and
IF me and #ofUnits Unit and Sixe Control Teshnology mission Limit Averaging Period P
e e -
LOW-NOX BURNERS
NCo101 [y T ENE Y PROECTe.te AUXILLIARY BOILER GUOD COMBUSTION CONTROL AND 06100 e 3-hour 0012012005
Nor Garem 110.20 MMBtufhr GLEAN EURNING 0.0065 BMMBL {oosesra
LOWSULFUR FUEL (NATURAL GAS).
MIGHIGAN|PAPEREOARD COMPANY SOLER 380.0000  {ibinr
MI-0368  |MICHIGAN|PAPERBOARD COMPANY |1 16505 MM None 4700000 [ipy garsI2004
Michigan . 1.5100 1h/MMBla
o241 MILLER BSEW‘"G COMPANY BOILER (2), NATURAL GAS 27580000  {ipyboth boilers | 12-Month Rofling 05/27/2004
MILLER BREWING COMPANY 2
it 238,60 MMBturhe 1.6080 Ib/MMBIS 14.05515
LONGVIEW POWER, LLG -
. AUXILIARY BOILER 18000 65 [Ib/MMBt 3-Hour Rolln
wv-a023 |mapsvILLE 1 g 03/02/2004
et 225.00 MMBTithr HOW SULFUR NATURAL GAS FUEL 00040 o a-Hour Ralling R14-0024
VIRGINIA GOMMONWEALTH
VA0270 |UNIVERSITY 3 L NATUNL OAS LOW SULFUR FUEL pped ::’,fl"m;"“" 03/31/2003
VCU EAST PLANT : X rea VA-50126
LIBERTY GENERATING STATION
NJ-0043 [LIBERTY GENERATING STATION 1 AUXILIARY BOILER 0,8000 Ibmr 03/28/2002
Ry ¢ 200,00 MMB{u/hr 0.0040 b/MMB BOPYS0001
CALPINE CONSTRUGTION FINANGE GO,
x0ass P : AUXILIARY BOILER 0.043 312612002
AMELLA ENERGY GENTER 155 MMBtuliie 0.005 N-037
Toxas
[AES RED DAKLLC 0.0043
+NJ-0036 AES RED QAKLLC 1 ?gg‘gg’:dﬁa?ﬂ';m NATURAL GAS FUEL 0514 1072412001
ew Jerse : 3 0.926
NUGOR YAMATO STEEL ToTT0/2001
oo |NUGOR YAMATO STEEL (ARMOREL) |1 ?Z_’Hg:;;gmﬁce CLEAN FUEL 0.0006 883-AOP-RI4T-
Enses | . 0202)
TENASKA ARKANSAS PARTNERS, LP ) 10/0/2001
aroosz  |TENASKA PRKANSAS PARTNERS, LP |2 ?glﬁgblt\l?hwm GAS, (2) gll{léL SPECIFICATION: NATURAL 0.008 1955-A0F-RO (42-
Arkansas | uihr - 00202)
{PSEG LAWRENCEBURG ENERGY :
FACILITY AUXILIARY BOILER, NATURAL GAS
LOW SULFUR NATURAL GAS (LESS 0,008 bIMMB 61712001
5
[ |PEG LAWRENGEBURG ENERGY ! 124.6 MMBlu/hr THAN %0.8 BY WEIGHT) 0.7 Ibshr 029.12517.00033
Indiana
PROCTOR, & GAMBLE MANUFACTURING
COMPANY FUEL SPEC: SULFUR CONTENT OF
008 [PROCTOR & GAMBLE MANUFAGTURING |1 :’T;LSJE‘:C;LLER #2 (NAT GAS) FUEL SHALL NOT EXCEED 0.2% BY 3/5/2001
COMPANY, 8 ufhe WEIGHT. 9252983P
Tennesse W
PROCTOR & GAMBLE MANUFACTURING
COMPANY FUEL SPEG: SULFUR CONTENT OF
fvooes  [PROCTOR & GAMBLE MANUFACTURING [1 BT #00-4 (NAT GAS) FUEL SHALL NOT EXCEED 0.2% BY e oap
GOMPANY WEIGHT.
Ténnesse
Notos:
Aftachment_8_Auxiliary | Boiler_RBLC_Tables_02-09-06.xis 10f1 BEPC Dry Fork Station
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“--.“ ' . . ) e \\
TABLEGA ' . o
NSR RACT/Bh....AERClearinghouse Dalabase B NS _ ) ~—’
BACT-PSD Sotirces for NO, ‘ :
Natural Gas Fired Boilers {> 100 MMBly, <250MMBlu] _— - - T )
RBLCID {Company Name and Location # of Units L Unit and Size " Control Technology Efficlenoy Emisslon Limit "’:"“ ng ol an
Floariand Gom Products TBoiier _ ToAME 3122108
0062 Minnesota 2 198.00 MMBtuhr for both None 004 14300014005
[OW-NOX BURNERS
FORSYTHEENERGY PROJECTS, LLC AUXILLIARY BOILER GOOD COMBUSTION CONTROL 15,4300 thfhr 3-haur 09/29/2005
NC-0101 1FORSYTHENERGY PLANT 1 110.20 MMBtunr AND CLEAN BURNING 0.1370 Tb/MMBtu 00986R1
North Carojina _ LOWSULFUR FUEL (NATURAL GAS).
GARGILL, JNC. LOW NOX BURNERS, ' 0672212004
NE.0024 |CARGILL |BLAIR PLANT 3 BOWERS A, B &C - |INDUCED DRAFT FLUE GAS 0.07 IbMMBtu Sreagh
Nebraska _ - RECIRCULATION .
E. |. DUPONT DE NEMOURS .
: BOILER #3 0.0900 Ib/MMBtu 06/00/2004
MS-0069 aﬁzg:gpi- ELISLE FAGILITY 1 ot 0 MGt , LOW-NOX BURNER WITH FGR. 07000 |imr 102000116
E. [. DUPONT DE NEMOURS BOILER #4 0.0680 lb/MMBtu 06/08/2004
MS-0069 3};‘:&‘&35”5'-5 FACILITY 1 251,00 MMBtuhr LOW-NOX BURNER WITH FGR. 13.4000  |ibfhr 1020.00115
E. I. DUPONT DE NEMOURS
] BOILER (RENTALITEMPORARY) 0.0900 b/MMBtu 0810872004
lmsmes DUPONT DELISLE FACILITY 1 AN et LOW-NOX BURNER WITH FGR. e i o s
Mlsslss!ppll .
MILLER BREWING COMPANY BOILER (2), NATURAL GAS OVERFIRE AND SIDE FIRE AIR TO 0.7000 Ib/MMBtu 0512772004
OH-0241 ggﬁgea BREVING GOMPANY - TRENTON 2 - 1338.00 MMBIUr REDUCE FLAME TEMERATURE - harsgooo iy 12-Month Rolling |14-05515
J R SIMPLOT GOMPANY - , 0.0400 ThMMBt
lin-oots |4 R SIMPLDT COMPANY - DON SIDING PLANT |1 N M Blur LOW-NOX BURNER 7.0000 l;nr 0
Indlana ) 30.7000 tpy 30-Day Rolling
LONGVIEW POWER, 18
] AAUXILIARY BOILER LOW NOX BURNERS AND GOOD . _ |oarozizo04
Wv-0023 %’:L‘?EX;LME‘ : it 225,00 MMBTUhr COMBUSTION PRACTICES 0.098 IhiMMBLY 3-HourRolling |44 0024
UNIVERSITY OF NORTH CAROLINA - CHAPEL HiLL MANNING STEAM PLANT (TWO BACT DOES NOT APPLY 70
NC-0106 umvensnfv OF NORTH CAROLINA - CHAPEL HILL2 BOILERS) [gﬁ,?%fg&ﬁ;i;%ﬁﬁaw”“ NONPROFIT EDUCATIONAL g2ror2004
Morth Carclina 249.00 MMBtu Esch INSTALLATIONS. 1
UNITED WISCONSIN GRAIN PRODUCERS BOILER JOXIDIZER | DRVER ]
WI-0204 - |UWGP - FUEL GRADE ETHANOL PLANT 1 DISTILLATION) BOILER / BURNER DESIGN 0.085 {b/MMBtu 08/14/2003
Wiscansan! 140,00 MMBly _ 03-DCF-048
VIRGINIA COMMONWEALTH UNIVERSTTY : LOW NOX BURNERS 6-1000 Tb/MMBtu 30-Day Relin
VA-0278 |VCU EAST PLANT 3 ene0 AL GAS FLUE GAS REGIRGULATION, AND 0.0800 b/MMBtu Anual Avg, . [owatiz008
Virginia - GOCD OPERATING PROCEDURES 16.6000 tbshr VA-50126
ROCKY MOUNTAIN ENERGY CENTER, 1LC. NATURAL GAS FIRED BOILER OPERATION IS LIMITED TO 1800
CO-0052 |ROCKY MOUNTAIN ENERGY CENTER, LLC. 1 . [(AUXILIARY BOILER) HIYR. 0.038 Ib/MMBtu 081172002
Colorado 129,00 MMBtuhr . LOW NOX COMBUSTION SYSTEM. 02WE0228
WILLIAMS|REFINING & MARKETING, L.L.C. BOILER. NO. 10 » , 410312002
TN-0163 |WILLIAMS|REFINING & MARKETING, L.L.C. 1 180.00 MMBIh 0.06 (b/MMBtu 0101-08PC AND 1010}
Tennesse . r - ) osPCR
LIBERTY GENERATING STATION ’ 0.2 Ib/MMBtu
NJ-0043  [LIBERTY GENERATING STATION 1 om0 Aot SCR 7.2000 b/t 03/26/2002
New Jarse) ‘ A ___jo.as0 Ib/MMB1u (standard) BOPS50001
CALPINE GONSTRUCTION FINANCE CO. LP
TX-0085 [AMELLA ENERGY CENTER 1 AUXILIARY BOILER : 6.2 foffyr 32612002
Texas 155 MMBLU 0.04 Ib/MMBtu N-037
E. 1. DUPONT DE NEMOURS AND COMPANY E&‘fg AUSSSS éﬁ‘é"ﬁ'ﬂfﬁgﬂ?ﬁ“’ o b
E.L, DUPONT - WASHINGTO . r
WV-0015 |1 Mgt e ON WORKS 1 A VRAL GAS COMBUSTION CONTROLSTO  {46.24%  |79.28 toy 11212002
’ CONTROL NOX. 0.1 TbIMMBt R14-0014
NEW HOPE POWER PARTNERSHIP LOW NOX BURNERS W/FLUE GAS ) '
[FL-0251 [OKEELANYA CORPORATION SUGARMILL - [1 0 B L GAS RECIRCULATION AND GOOD 0.08 biMMBlY 1012972001
Florida -0 J COMBUSTION. PSD-FL-169A
SPl POLYDLS. NG MAINTAIN EXCESS OXYGEN
, INC. LEVELS BELOW 5.5% AT LEAST :
DE-0017 {SPI POLYOLS, INC. 1 BOILER B4, NATURAL GAS 75% OF OPERATING TIME. 0.28 (bIMMBt 10/26/2001
Dglaware - ALSO ANNUAL BURNER TUNE-UPS AQM-003/00426
REQUIRED.
Attachment_6_Auxiiary_ Boller_RBLC_Tables_02-09-06.xls . 10of2 BEPC Dry Fork Station
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3 .
TABLEGA . ; )
NSR RACT/BAw :AER Clearinghouse Database S e
BACT-PSD Sources for NO,

Natural Gas Fired Boilers (>100 MMBlu, <250MMB)
S Controt Avsraging Parmit Date and
cib Company Nama and Location # of Units Unit and Size Controf Technolo, Emission Limit
RBL | pany hed Efficloncy Period PormitNo. _ |

AES RED DAK LLG 0.036
2NJ-0036 [AES RED DAK LLC Ay DOILER LIMITED OPERATION OF 3600 HIYR 432 /MM Bty 10/24/2001

Naw Jerse) - r r 10001

TENASKAARKANGAS PARTNERS, LB TORT260T
AR-0057 [TENASKAIARKANSAS PARTNERS, LP BOILER, NATURAL GAS, (2) FLUE GAS RECIRCULATION (FGR). 0.04 Ib/MMBtu 1850-A0P-R0 (43-

o 122 MMBtuhr

ansas 00202)
PSEG LAWRENCEBURG ENERGY FAGILITY ;
! AUXILIARY BOILER, NATURAL GAS ~ [LOW NOX BURNERS. NATURAL GAS 0.036 Ib/MMBtu 6r7/2001
I"“’"a"’ PSEG LAWRENGEBURG ENERGY FACILITY 124.6 MMBlu/hr ONLY 4.49 b 029-12517-00033

Jindiana

Notes:

Attachment_§&_Auxilian
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Attachment 7
Basin Electric Power Cooperative
Dry Fork Station

Auxiliary Equipment Emission Calculations
Revision 03/02/2006

.Emission Workbook sheets include:

[Source Number Source Name 1
Dry Fork Station

ES1-02 Unit 1 Auxiliary Boiler

ES1-03 Diesel Fire Pump

ES1-05 Diesel Generator

ES1-06 . Inlet Gas Heater

Attachment_7_Auiniary_Equipment_Emissions_WorktBE_@-PIg(eerb00778 Contents



6./000 AOV/03d

Basin Electric Power Cooperative

Dry Fork Stat
Unit 1 Auxili

on

ry Boiler (ES1-02)

Criteria Pollutant Potential To Emit

Heat Input Rating (MMBTU/hr) 134.1
Fuel Type ] Natural Gas
Maximum NG Consumption (scf/hr) 131,471
Annual Hours of Operation (hr/yr) 2,000
Annual NG Consumption (MMsctiyr)) 263
Natural Gas Healing Value (Btu/scf) 1,020
Maximum
i Emission Hourly Annual
. Emission Factor Factor Maximum Hourly| Emissions | Emissions
{Ib/IMMBTU) (Ib/MMscf)  |Emissions (Ib/hr) (g/s) (tpy)
NOy 0.04 5.36 6.76E-01 5.36
GO 0.08 1073 1.35E+00 10.73
S0, 0.0006 0.6 7.89E-02 9.84E-03 7.89E-02
PM4s 0.0075 7.6 1.00 1.26E-01 1.00
VOC 0.0054 55 7.23E-01 911E-02 | 072
Lead 4.90E-07 5.00E-04 6.57E-05 8.28E-08 6.57E-05

Notes:

(1) Emisslon factors for NOy and CO obtained from vendor design data - Rentech Boiler Systems, January 2005, Page 7 - Predicted Performance at 100% MCR, Natural Gas.
(2) Emission facl'ors for NOy and CO were provided with performance guarantees and includes the addition of a low NOx burner and Flue Gas Recirculation,

(3) Emission factors for other criteria pollutants from AP-42 Fifth Edition, Table 1.4-2, Revision 7/98.
PM Emission Factor in AP-42, Table 1.4-2 as PM,, Emission Factor.

(4) Assume Tota|

Attachment_7_Auxiliary_Equipment_Emissions_Workbook_03-02-2006.xls
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Basin Electric Power Cooperative
Dry Fork Station

Unit 1 Auxillary Boiler (ES1-02)
HAP Emissions

Max Heat Input 134 MMBTU/hr Natural Gas Burned 0.13 MMsci/hr
Annual Heat Input 1,174,716 MMBTUfyr Natural Gas Burned 263 MMscfiyr

Emission

Factor Hourly Emissions {Annual Emissions
Pollutant {Ib/MMscf) {ib/hr) {tpy) Source
Arsenic 2.00E-04 2.63E-05 2.63E-05|AP-42, Table 1.4-4
Beryllium 1.20E-05 1.58E-06 1.58E-06|AP-42, Table 1.4-4
Cadmium 1.10E-03 1.45E-04 ' 1.45E-04|AP-42, Table 1.4-4
Chromium 1.40E-03 1.84E-04 1.84E-04|AP-42 Table 1.4-4
Cobalt 8.40E-05 1.10E-05 1,10E-05|AP-42, Table 1.4-4
Manganese 3.80E-04 5.00E-05 5.00E-05]AP-42, Table 1.4-4
Mercury 2.60E-04 3.42E-05 3.42E-05|AP-42, Table 1.4-4
Nickel 2.10E-03 2.76E-04 2.76E-04|AP-42, Table 1.4-4
Selenium 2.40E-05 3.16E-06 3.16E-06{AP-42, Table 1.4-4
Total Metal HAPs 7.31E-04 7.31E-04,
2-Methylnaphthalene 2.40E-05 3.16E-06 3.16E-06|AP-42, Table 1.4-3
3-Methyichloranthrene 1.80E-06 2.37E-07 2.37E-07|AP-42, Table 1.4-3
7,12-Dimethylbenz(a)anthracene 1.60E-05 2.10E-06 2,10E-06|AP-42, Table 1.4-3
Acenaphthene 1.80E-06 2.37E-07 2.37E-07|AP-42, Table 1.4-3
Acenaphthylene 1.80E-06 2.37E-07 2 37E-07|AP-42, Table 1.4-3
Anthracene ’ 2.40E-06 3.16E-07 3.16E-07|AP-42, Table 1.4-3
Benz(a)anthracene 1.80E-06 2.37E-07 2.37E-07|AP-42, Table 1.4-3
Benzene ) . 2.10E-03 2.76E-04 2.76E-04|AP-42, Table 1.4-3
Benzo(a)pyrene 1.20E-06 1.58E-07 1.68E-07{AP-42, Table 1.4-3
Benzo(b)fluoranthene 1.80E-06 2.37E-07 2.37E-07|AP-42, Table 1.4-3
Benzo(g.h.i)perylene 1.20E-08 1.58E-07 1.58E-07|AP-42, Table 1.4-3
Benzo(k)fluoranthene 1.80E-06 2.37E-07 2.37E-07{AP-42, Table 1.4-3
Chrysene 1.80E-06 2.37E-07 2.37E-071AP-42, Table 1.4-3
Dibenzo(a,h)anthracene 1.20E-06 1.58E-07 1.58E-07]AP-42, Table 1.4-3
Dichiorobenzene 1.20E-03 1.58E-04 . 1.58E-04|AP-42, Table 1.4-3
Fluoranthene 3.00E-06 3.94E-07 3.94E-07|AP-42, Table 1.4-3
Fiuorene 2.80E-06 3.68E-07 3.68E-07|AP-42, Table 1.4-3
Formaldehyde 7.50E-02 9.86E-03 9.86E-03|AP-42, Table 1.4-3
Hexane 1.80E+00 2.37E-01 2.37E-01|AP-42, Table 1.4-3
Indeno(1,2,3-cd)pyrene 1.80E-06 2.37E-07 2.37E-07|AP-42, Table 1.4-3
Naphthalene 6.10E-04 8.02E-05 8.02E-05|AP-42, Table 1.4-3
Phenanathrene 1.70E-05 2.24E-06 2.24E-06|AP-42, Table 1.4-3
Pyrene 5.00E-06 6.57E-07 6.57E-07|AP-42, Table 1.4-3
Toluene 3.40E-03 4.47E-04 4.47E-04]|AP-42, Table 1.4-3
Total Organic HAPs 2.47E-01 2.47E-01

Attachment_7_Auxiliary_Equipment_Emissions_WorkEyE@?-m@.db07 80 Unit 1 Aux Boiler HAPs
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Basin Electric Power Cooperative

Dry Fork Station

Fire Pump (ES1-03)

Engine Powe
Diesel Fuel

(BHP)
eating Value (Btu/gal)

Maximum Fupel Firing Rate (MMBtu/hr)
Maximum Holrs of Operation (hrs/yr)

360 S&L - 9/26/05

141,000

2.78 Estimated based on BHP

500

Updated Emissions using Tier Il emissions from 40 CFR Part 89 for Nonroad Diesel Engines.
Emission Factor | Emissions | Emissions
(lbs/hp-hr) (Ib/hr) {tpy)
NO, 1.06E-02 3.81 0.95
cO 5.73E-03 2.06 0.52
S0, 2.05E-03 0.74 0.18
PM,, 3.30E-04 0.12 0.03
voC 2.51E-03 0.91 0.23
Notes: :
1) Engine power and hours of operation based on Engineering Estimates from S&L received on September 26, 2005.
2) Emission Factors for SO, and VOC are from AP-42 Table 3.3-1 for Diesel Fuel.
3) Emission Factors for NOx, PM10, and CO are from 40 CFR Part 89 emission standards for Nonroad Diesel Engines.
EPA Tier 1-4 Nonroad Diesel Engine Emission Standards ( Engine Power Category 300 <= hp => 600)
Emission Emission . Emissions
Pollutant Tier phase in Factor Factor| Total HP| Emissions (lb/hr) tpy)
g/hp-hr Ib/hp-hr HP
NOx AP-42 "~ 4.80 0.011 360 3.81 0.95
NOx Tier | 1996-2000 6.8 0.015 360 5.47 1.37
NOx Tier I 2000-2006 4.8 0.011 360 3.81 0.95
NOx Tier Il 2008-2008 3 0.007 360 2.38 0.59
NOx Tier IV 2008-2015 0.3 0.001 360 0.24 0.06
CO AP-42 3.03 6.68E-03 360 2.40 0.60
CO Tier | 1996-2000 8.5 1.87E-02 360 6.74 1.69
CO Tier ll 2000-2006 2.6 5.73E-03 360 2.06 0.52
CO Tier lli 2008-2008 2.6 5.73E-03 360 2.06 0.52
CO Tier IV 2008-2015 2.6 5.73E-03 360 2.06 ~ 0.52

Attachment_7_|
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PM AP-42 1.00 2.20E-03 360 0.79 0.20
PM Tier | 1996-2000 0.40 8.81E-04 360 0.32 0.08
PM Tier ! 2000-2006 0.15 3.30E-04 360 0.12 0.03
PM Tier I 2006-2008 0.15 3.30E-04 360 0.12 0.03
PM Tier IV 2008-2015 0.015 3.30E-05| . 360 0.01 0.00
Note:
The EPA m

Tier lli stan
Emission st

Revision: 03/0,

Attachment_7 |

2/2006
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Basin Electric Power Cooperative
Dry Fork SI ation '
Diesel Gelerator (ES1-05)

Engine Pow

r (BHP)

Diesel Fuel Heating Value (Btu/gal)
Maximum Fuel Firing Rate (MMBtu/hr)
Maximum Hours of Operation (hrs/yr)

2377 S&L - 9/26/05

141,000

16.82 S&L. - 9/26/05
500 -

Updated Emissions using Tier }l emissions from 40 CFR Part 89 for Nonroad Diesel Engines.

Emission Factor

Emissions

(Ibs/hp-hr) (bihy)  |Emissions (tpy)
NO, 1,06E-02 25.13 6.28
co 5.73E-03 13.61 3.40
S0, 4.05E-04 0.96 0.24
P 3 30E-04 0.7 020
voc 7.05E-04 1.68 0.42
Note:

1) Engine power and hours of operation based on engineering estimates from S&L received on September 26, 2005,
2) Emission Factors for SO, and VOC are from AP-42 Table 3.4-1 for Diesel Fuel.

3) TOC emissions are essentially equal to VOC emissions.
4) Sulfur content was assumed to be 0.05% of diesel fuel.

The EPA mandate on sulfur content of fuel effective by 2007 is 500 PPM (0.06%). The EPA mandate by June 2010 is 15 PPM (0.0015%).
Factors for NOx, PMyg, and CO are from 40 CFR Part 89 emission standards for Nonroad Diesel Engines. '

5) Emission

EPA Tler 1-4 Nonroad Diesel Engine Emission Standards ( Engine Power Category => 750 hp )

Emission Totalf . Emissions
Pollutanil Tier phase in Factor| Emission Factor HP Emissions (lo/hr) (tpy)

; g/hp-hr Ibfhp-hr HP
NOx AP-42 4.80 0.011| 2377 25.13 6.28
NOXx Tier | 1996-2000 6.9 0.015] 2377 - 36.13 9.03
NOXx Tier | 2000-2006 4.8 0.011| 2377 25.13 6.28
NOx Tier V| 2011-2014 0.5 0.001} 2377 2.62 0.65
NOx Tier 1V, 2015 0.5 0.001] 2377 2.62 0.65

Attachment_7_Auxiliary_Equipment_Emissions,_Workbook_O3-02—2006.xls
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CO AP-42 2.60 5.73E-03] 2377 13.61] 3.40
CO Tierl 1996-2000 8.5 1.87E-02] 2377 44.50 11.13
CO Tierll 2000-2006 2.6 5.73E-03| 2377 13.61 3.40
CO Tier IV 2011-2014 2.6 5.73E-03] 2377 13.61 3.40
CO Tier IV 2015 2.8 5.73E-03] 2377 13.61 3.40
PM AP-42 0.15 3.30E-04| 2377 0.79 0.20
PM Tier | 1896-2000 0.40 8.81E-04| 2377 2.09 0.52
PM Tier Il 2000-2006 0.151. 3.30E-04| 2377 0.79 0.20
PM Tier IV| 2011-2014 0.07 1.54E-04] 2377 0.37 0.09
PM Tier IV| 2015 0.022 4.85E-0561 2377 0.12 0.03
Note:
The EPA

Tier 1l standards only applies to engines from 50 - 750 hp.

Emission .J,tandards from Engine Power category =>750 hp

Revision: 031(!)212006

Attachment_7,_ Auxiliary_Equipment_Emissions_Workbook_03-02-2006 s
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Basin Electric Power Cooperative

Dry Fork Station

Emergency Diesel Generator (ES1-05)
HAP Emissions

Engine Power (BHP) 2,377
Maximum Fuel Firing Rate (MMBtu/hr) ' 16.82
Maximum Hours of Operation (hrsiyr) ‘ 500

Emission Annual

Factor Emissions
Pollutant (Ib/MMBtu} (Iblyr)
Benzene 7.76E-04 ~ 6.53E+00|AP-42, Table 3.4-3
Toulene 2.81E-04 2.36E+00|AP-42, Table 3.4-3
Xylenes 1.93E-04 1.62E+Q0|AP-42, Table 3.4-3
Formaldehyde 7.89E-05 6.64E-01{AP-42, Table 3.4-3
Acetaldehyde 2.52E-05 2.12E-01{AP-42, Table 3.4-3
Acrolein 7.88E-06 6.63E-02|AP-42, Table 3.4-3
Naphthalene 1.30E-04 1.09E+00|AP-42, Table 3.4-4
Total HAPs 1.25E+01
Notes: ‘

1) Emission Factors are from AP-42 Table 3.4-3 and Table 3.4-4.

Attachment_?_Auxiliary_Equipment__Emissionﬁ&ﬁg&ﬁ%ﬁﬁ%b
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{ ) Basin Electric Power Cooperative
" Dry Fork Station
Unit 1 Inlet Gas Heater (ES1-06)
Criteria Pollutant Potential To Emit

1) Information for the Inlet Gas Heater based on the engineering estimates.

Heat Input Rating (MMBTU/hr) 8.36
Fuel Type Natural Gas
Maximum NG Consumption (scf/hr) 8,196
Annual Hours of Operation (hr/yr) 2,000
Annual NG Consumption (MMscfiyr)) 16.4
Natural Gas Heating Value (Btu/scf) 1,020
Maximum
Hourly Annual Emission
Emission Factor Emissions |Maximum Hourly; Emissions Factor
(Ib/MMscf) (Ib/hr) Emissions (g/s) (tpy) (Ib/MMBHu)
NOy 100 8.20E-01 1.03E-01 0.82 0.10
[o]s] 84 6.88E-01 8.67E-02 0.69 0.08
S0, 0.6 4.92E-03 6.20E-04 4,92E-03] 0.0006
P,y 7.6 6.23E-02 7.85E-03 0.068] 0.0075
voC 5.5 4.51E-02 5.68E-03 0.05] 0.0054
Lead 5.00E-04 4.10E-06 5.16E-07 4.10E-06] 4.90E-07
‘Notes:

2) Emission factors for criteria pollutants from AP-42 Fifth Edition, Table 1.4-1 and Table 1.4-2.
(3) Assume Total PM Emission Factor in AP-42, Table 1.4-2 as PM,, Emission Factor.

Attachment_7_Auxi!iary_Equipment_EmissioB%B?KESg _88—8%—%%06.xls
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TABLE 4B
NSR RACT/BAGTILAER Clearinghouse Database
BACT-PSD Sources for CO
Gas Inlet Heater
_; Control o Avaraging Psrmit Date and
Emission Limit
RBLCID Ciompmy Name and Location # of Unils Unit and Size Control Technology Etficie: ssion Limi Pariod Pa
ENTERGY
. AUXILIARY BOILER ] ] 712312002
IA-00B0 ::I\:I\QIKI':‘YE GENERATING, LLC 1 48.5 MMBHWh Good Combustion Practice 0.073 Ib/MMBtu 01-687
ENTERGY .
IA-0060 [HAWKEYE GENERATING, LLC 1 E%EL PREHEATER Good Combustion Practice 0.033 b/MMBtu 7/23/2002
lowa .5 MMBtuhr 01-687
MIDAMERICAN ENERGY
Asoss |OREATER DES MOINES ENERGY . AUXILIARY BOILER 0.084 Ib/MMBtu 411012002
CENTER 68 MMBHu/r 25.1 toy 77-13-002
Jowa
WILLIAMS REFINING & MARKETING, 37372002
TN-0153 [LL.C. 5 g'f‘:nﬁfus,;ﬁ 0.07 Ib/MMBlu 0101.08PC AND 101
WILLIAMS REFINING & MARKETING, 05PCR
WILLIAMS REFINING & MARKETING, 47372002
TN-0153 L.L.C.AI: 1 s 15OM ADSORBER 0.035 Ib/MMBu 0101-08PC AND 1010
WILLIAMS REFINING & MARKETING, - 05PCR
WILLIAMS REFINING & MARKETING. 4/312002
TN.0153 L.L.C.AI: 1 ;‘;‘g;ﬂg;u}hf”m“ HEATER 0.01 llblMMB(u 0101-08PC AND 1010
\WILLIAMS REFINING & MARKETING, - 0sPCR
WILLIAMS REFINING & MARKETING, SOILER NO.S 4/3/2002
TN-0153 |LLC. 1 e 0.09 Ib/MMBtu 0101-08PC AND 1010
WILLIAMS REFINING & MARKETING, osPCR
WILLIAMS REFINING & MARKETING, 47312002
TN-0153 L.L.C.:I: 1 gfs;gml:.lzmw REBOILER 0.1 Th/MMBIu 0101.08PC AND 1010,
WILLIAMS REFINING & MARKETING, osPcR
0078 ATOFINA PETROCHEMICALS INC ] PACKAGE BOILER BO-4 s 117572001
LA PORTE POLYPROPYLENE PLANT 50 MMBlufhr _ 2 PSD-TX-989
WILLIANS FIELD SERVICES GO,
WILLIAMS FIELD SERVICES GO,/ECHO PROCESS HEATER, REGENERATION 07 31212001
\Wy-0060 \ 1 HEATER GOOD COMBUSTION 32
SPRINGS GAS PLANT MD-606
11.1 MNBtwhr 0.07
Wyoilg
Notes: N
NSR RACT/BACT. R Clearinghouse database (hitp://Awww.epa.govittn/catc) was queried for the following:
« Permils issued frdm 01/01/2004 to Present
« Process Type Col!e: 19.600 - Misc. Boilers, Fumaces, and Heaters
« Process Type Colie: 13.310 - Commercial Sized {<100 MMBiu/hr) Bollers
Attachment_8_Gas Inlet Heater_RBLC_Tables_02-02-06.xis 1of1 BEPC Dry Fork Station
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TABLE 2-B
NSR RACT/BACT/LAER Clearinghotiss Database
* BACT-PSD Sourced for VOC
Gas Inlet Hoator .
Controf Averaging Pormit Date and Permit
mission Limit
RBLC ID |Company Name and Location |# of Unlts |Unit and Size Control Technology Efficisncy E i Period No.
SUNGCO WASTEWATER TREATMENT PROCESS 712772004
OH-0271 |SUNOCO INC. . 1- HEATER 43.42 tpy 07-00451
Ohlo 8 MMBtu/hr
ENTERGY "
. AUXILIARY BOILER - 712312002
JIA—OOGO EQ?'?EYE GENERATING, LLC 1 48.5 MMBtu/hr Good Combustion Practice 0.005 Ib/MMBtu 01-687
ENTERGY ’
1A-0060 |HAWKEYE GENERATING, LLC 1 FUEL PREHEATER Good Combustion Practice 0033 b/MMBtu 712312002
Jowa X u/hr 01-687
TX-0378 ATOFINA PETROCHEMICALS INC g PACKAGE BOILER BO-4 0.35 {b/hr 11/5/2001
LA PORTE POLYPROPYLENE PLANT 50 MMBlu/hr 1.53 tpy PSD-TX-989
Notes:

Aftachment_8_Gas|Inlet Heater_RBLC_Tables_02-02-06.xis
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TABLE 3-B
NSR RACT/BACT/LAER Clearinghouse Database
BACT-PSD Sources for PM
Gas Inlet Heater
Control Permit Date and
. Emiasgion Li i
RBLGID Company Name and Location # of Units Unit and Size Control Technolegy Efficlency gion Limit Averaging Period Permit No.
ENTERGY
AUXILIARY BOILER Good Combustion 712312002
IA-0060 :-;Cv\;w EYE GENERATING, LLC 48.5 MMB1u/hr Praclice 0.007 1b/MMBtu 01-687
ENTERGY
FUEL PREHEATER Good Combustion 7123/2002
1A-0060 :ZCV\QVK EYE GENERATING, LLC 6.5 MMBtu/hr Praciice 0.01 Ib/MMBtu 01-687
Notes:
Attachment_B_GaL Inlet Heater_RBLC_Tables_02-02-06.xls 1of1 BEPC Dry Fork Station
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TABLE 4-B

NSR RACT/BACTALAER Clearinghouse Dalabase

BACT-PSD Sources fir Py
Gas Inlet Healer
- . Control Pormit Date and
RBLC ID ¢ N d Lacatt # of Units Unit and Si Control Technol Emission Limt
ampany Nams and Lacation of Unl nit and Size ontrol Technology | v iancy Averaging Period Permit No.
e
SUNOGO WASTEWATER TREATMENT S—
0H-0271 [SUNOCO INC. 1 PROCESS HEATER 0.02 B /MMBLL
Ohlo 8 MMBtu/hr 07-00451
ENTERGY AUXILIARY BOILER Good Gombustion ‘ 712312002
IA-D0S0 m\gxens GENERATING, LLC 1 1455 MMBLM Praciica 0.007 Ih/MMBtu et
ENTERGY -
! FUEL PREHEATER Good Gombustion 712372002
1A-0080 :-II)AW\Q\IKE £ GENERATING, LLC 1 6.6 MVIBtE Praction 0.01 ib/MMBtu e
MIDAMERICAN ENERGY ,
A0058 |GREATER DES MONES ENERGY CENTER |1 AUXILIARY BOILER 0.0076 Ib/MMBtu 411012002
lowa 68 MMBHu/hr 2.27 tpy 77-13-002
WILLIAN'S REFINING & MARRETING, L.L.C. HEATERS, (5) 47312002
TN-0153  [WILLIAMS REFINING & MARKETING, LL.G. |5 0 MBI 0.005 (bMMBIU 0101-08PC AND 1010
Tenness 05PCR
WILLIANS REFINING & MARKETING, L.L.C. . ) 41312002
TN-0162 |WILLIAMS REFINING 8 MARKETING, LL.C. |1 gﬁ‘:}ﬁgiu';?” ADSORBER 0.014 ibMMBtu 0101-08PC AND 1010
Tanness; . ] N : 05PCR
WILLIAMS REFINING & MARKETING, L.L.C. 41312002
TN-0153 [WILLIAMS REFINING & MARKETING, LLC. |1 e o IARGE HEATER 0014 IbMMBIL 0101-08PC AND 1010
Tennesse " 05PCR
WILLIAMS REFINING & MARKETING, L.L.C. BOILER. NO. 47312002
TN-0153 [WILLIAMS REFINING & MARKETING, LL.C. |1 06 NI 0.0075 IbAMMBIU 0101-08PC AND 1010
Tennesse 05PCR
WILLIAMS REFINING & MARKETING, L.L.C. ARI2002
TN-0153 [WILLIAMS REFINING & MARKETING, LL.C. |1 CCR STABILIZATION REBOILER 0,005 foMMBtu 0101-08PC AND 1010
54 MMBtu/hr
Tennasse : 05PCR
cos7e |[NTOFINA PETROCHEMICALS ING . PACKAGE BOILER BO-4 o :‘;;“f 111502001
LA PORTE POLYPROPYLENE PLANT 50 MMBtuMhr 0008 MBI PSD-TX-980
Notes: )
NSR RACT/BACTALAER Clearinghouse database {(http:/iwww.epa.goviitn/catc) was queriad for ths following:

* Parmits {ssued fron
» Process Type Cod
+ Process Typa Codl

Attachment_8_Gas |

n 01/01/2001 to Pressnt

lot Healor_RBLC_Tables_02-02-06.xis

8. 19.600 - Misc. Boilers, Furnacss, .and Healers
b: 13,310 - Commercial Sized (<100 MMBlu/hr) Boilers
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TABLE 5B
NSR RACT/BACTLAER Clearinghouse Database
BACT-PSD Sources for S0,
Infet Heal
RBLE D c Nama and Loaat] #ofUnits Unit and Siza Control Tachnology Contral Emlssion Limit Averaging Period Pammit Dats and
Effloloney PormitNo, |
rx.0a7s [TOFINA PETROCHEMICALS INC ; PACKAGE BOILER 804 psd o 147512001
LA PORTE POLYPROPYLENE PLANT 60 MMBtulhr 00 Emmatu PSD-TX-089
Notes: =L
Attachment_8_Gas Inlat Heater_RBLC_Tables_02-02-06.xis 1of1 BEPC Dry Fork Station
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TABLE 6.8
NSR RACT/BACTILAER Clearinghouse Database
BACT-PSD Sources for NO,
Gas Inlel Hoater .
- - ; Controf Emission Limit Averaging Permit Date and
RBLG ID c Locati f Units i ontral Techno \ ,
ompany Name and Location #ofUn Unit and Size Control Technology Efiicl I P P )
ENTERGY - -
AUXILIARY BOILER 712312002
1A-0080 :ZQI\QVKE YE GENERATING, LLC 1 48.5 MMBtuhr Good Combustion Practice 0.034 Ib/MMBtu 01.687
ENTERGY
IA0060  {HAWKEYE GENERATING, LLG 1 FUEL PREHEATER Good Combustion Praclice 0.054 Tb/MMBtu 712312002
o 8.5 MMBIu/hr 01.687
MIDAMERIGAN ENERGY .
\Acoss | GREATER DES MOINES ENERGY , AUXILIARY BOILER 0.05 Ib/NiMBtu 411012002
CENTER 88 MMBlwir 16.4 tpy 77.13-002
lowa :
WILLIAMS REFINING & MARKETING,
LLC. 41312002
TN-0153 |WILLIAMS REFINING & MARKETING, |5 HEATERS, (5) 0.03 Ib/MMBtu 0101-08PC AND 1010}
50 MMBlufhr
LLC. 05PCR
TennesSe
WILLIAMS REFINING & MARKETING, 47312002 :
TN-0153 |L.L.C. 1 gf’gﬁgﬁ?” ADSORBER 0.14 Ib/MMBIu 0101-08PC AND 101
WILLIAMS REFINING & MARKETING, . 05PCR
WILLIAMS REFINING & MARKETING, 41372002
TN-0153 [LL.C. an 1 ;";’;’fnsg"u}h?HARGE HEATER 0.073 Ib/MMBIY 0101-08PC AND 1010}
WILLIAMS REFINING & MARKETING, : 05PCR
WILLIAMS REFINING & MARKETING, SOILER. NO. D 4312002
TN-0153 [LL.C. 1 95 MBI 0.084 b/MMBtu 0101-08PC AND 1010
WILLIAMS REFINING & MARKETING, . 05PCR
WILLIAMS REFINING & MARKETING, : 31312002
TN-0153 L.L.C.AI: 1 SR STABILIZATION REBOILER 0.06 Ib/MMB 0101-08PC AND 1010
WILLIAMS REFINING & MARKETING, . 05PCR
0.9 Ib/hr
ATOFINA PETROCHEMICALS ING PACKAGE BOILER BO-4 . 111512001
TX-0378 |, POQTE POLYPROPYLENE PLANT |1 60 MMBtu/hr ULTRA LOW-NOX BURNERS 3.94 oy PSD-TX-989
X . 0.015 Ib/MMBiu
WILLIAMS FIELD SERVICES CO. - PROCESS HEATER, REGENERATION 04 Ibfhe
WILLIAMS FIELD SERVICES CO/ECHO 32112001
WY-0060 | (i GAS PLANT 1 HEATER LOW NOX BURNERS 19 tpy 21121
¢ 11,3 MMBhWh? 0.04 Ib/MMBIu
Wyoming
Notes:
Attachment_8_Gas Jnlet Heater_RBLC_Tables_02-02-06.xls 10of1 BEPC Dry Fork Station









